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From tight to loose by 2016E 


In this report, we introduce the new Credit Suisse global gas model (Excel 
available on request), incorporating insights from Credit Suisse Energy and 
Utilities research teams in Europe, Asia, Australia and the Americas. In 
summary, we see two distinct periods in the global gas market this 
decade. The market looks tight over 2011-16E, benefiting those who can 
arbitrage regional cargoes and capture oil-related pricing. However, on 
paper, there are enough LNG projects to meet 2017-20E demand. We are 
concerned that gas affordability will limit gas market growth and hence 
cost will become an even more important differentiator for future LNG. 

= Getting tighter for four years: Qatar has absorbed the bulk of immediate 
Japanese LNG requirements post-Fukushima, but its capacity ramp-up is 
now over. We expect the structural gas shortage to worsen as liquefaction 
additions are far outpaced by demand growth. We estimate that the potential 
LNG supply deficit will peak in 2014-15 at 35mpta, the equivalent of 7 
Gorgon LNG trains. 

The supply cycle will turn: Exploration success (both offshore and 
onshore) has improved the choice for LNG purchasers — cost of supply will 
become a more important differentiator. While the requirement for LNG is 
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high (110 mtpa of growth by 2020E, the list of supply projects is even 
larger at 260mt), not all of the LNG projects will proceed. Over half of 
new LNG volumes will come from Australia, while new “low cost” sources e.g. 
North America, East Africa and more flexible FLNG solutions are emerging. 
Gas demand is price-sensitive: 1) Chinese gas demand should grow fast 
(10.5% p.a. to 2020E), but we believe the country will aim to meet much of 
its demand growth with local production, leaving less room for LNG imports 
than consensus expects. 2) India and South East Asia are even more price- 
sensitive than China. 3) In Japan, we anticipate that the younger nuclear 
plants will be restarted gradually, as the cost of replacing nuclear begins to 
bite. 4) In Europe, we do not expect the German nuclear pull-out to have a 
significant impact on gas demand, as some capacity will be replaced by 
cheaper coal (utilisation is 60-75%). Oil indexation will likely remain 
challenged in Europe given anaemic demand, coal fired power availability 
and a continued focus on liberalisation. 

Stock calls: 1) Among the majors, we think BG and RDS should be well- 
placed to benefit from a tightening LNG market and continued arbitrage 
opportunities. Both companies have strong LNG project portfolios to ensure 
growth until 2020. 2) In Russia, we prefer Novatek over Gazprom. 3) Inpex 
in Japan is well-placed, with the imminent sanction of Ichthys and a second 
project (Abadi) building momentum. 4) We prefer Woodside and Origin over 
Santos and Oil Search. 5) East Africa gas is a play to watch (stocks exposed 
include Eni, Galp, BG and Ophir, as well as Not-Rated APC and Cove). 
6) We highlight likely domestic winners in China (E&P, utilities and drillers). 
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Executive summary 


The global gas market is likely to become increasingly tight until 2012-2015, followed 
by a more balanced market after 2015 and potentially oversupply towards the end of 
this decade. On paper, there are enough LNG projects to meet 2017-20 demand. We 
are concerned that gas affordability will limit gas market growth and hence cost will 
become an even more important differentiator for future LNG projects. 


We forecast that the global gas market will get tighter in the next 3-4 years, driven by 
the lack of large LNG plant start-ups (we see only 5.5mtpa of annual LNG additions in 
2012-14), the shutdown or mothballing of nuclear power capacity in Japan and 
Germany, and strong demand growth in Asia Pacific. We estimate that the potential 
LNG supply deficit will peak in 2014-15 at 35mpta, the equivalent of 7 Gorgon LNG 
trains. 


In a tight gas market, we expect spot gas prices to remain in a range of $12-16/ 
mmbtu in the Asia-Pacific region for the next 3-4 years. We would expect a pricing gap 
to be sustained between European and Asia-Pacific markets for several reasons, 
including transportation cost differentials and inter-fuel switching opportunities in 
European power generation. 


The UK NBP futures curve currently averages $10-11/mmbtu through 2013. The 
European spot market has behaved uncharacteristically compared with pure arbitrage 
economics for several years now. Almost 70% of European gas is still supplied under 
oil-linked long-term contracts with minimum take-or-pay obligations. European utilities 
have to buy a certain amount of gas even if they don’t want it. They then sell this gas 
at trading hubs as it is uneconomical to produce electricity from it (coal is cheaper). 
This extra gas has depressed spot prices compared with a pure arbitrage from Asia — 
we believe this could continue. Weather will be a significant short-term European spot 
gas price driver but in the medium term — until electricity demand growth requires new 
gas-fired power (as opposed to existing coal or growing renewables), this gas 
oversupply could continue. 


High Asian gas prices will make most proposed new LNG projects economically 
viable, most notably in Australia where we expect more Final Investment Decisions 
(FIDs) to be taken in the next few years, if demand allows. We forecast that Australia 
will overtake Qatar (77mtpa) as the world’s largest LNG producer by 2017, with output 
of over 111mtpa by 2020E. 


However, sustained high gas prices lead us to worry over affordability. We expect the 
world to consume significantly less gas than the IEA forecasts. At $14/ mmbtu, natural 
gas could start to lose its economic appeal as many developing countries may simply 
not afford high-priced gas imports. In particular, we focus on the demand prospects of 
China and India. We also believe some governments, notably in Japan, will consider 
restarting nuclear power stations when faced with sharply rising gas price-related 
electricity prices. 


With the largest potential buyers (China and India) being price conscious and focusing 
on domestic supply, we believe cost of supply will become a more important 
differentiator for yet-to-be sanctioned LNG proposals. In this context, North America 
and East Africa are emerging as contenders. 


As a means of monetising stranded or associated gas, we believe LNG will remain a 
more attractive proposition than GTL owing to the greater visibility in long-term sales 
prices. GTL will remain a niche technology for stranded fields (e.g. US, South Africa 
shale gas) as GTL projects require significantly greater up-front investment. 
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Europe & Russia 


Europe will remain well supplied in natural gas in the long term. The decline in 
indigenous production (which we expect to be milder than the IEA’s forecasts) should 
be offset by growing LNG imports, gas from Central Asia brought to Europe by new 
pipelines (e.g. Nabucco) and increasing gas exports from Russia. 


We consider a number of scenarios for European gas demand. For Europe as a whole, 
weather is a large swing factor. We take an average weather year and lacklustre 
economic growth as a base case. Our European Utilities team have considered the 
merit order for European power and Germany’s nuclear replacement policy among 
other swing factors. In the “Green scenario”, we assume that Germany manages to 
meet its target of generating 35% power from renewables by 2020 and builds 95GW of 
renewables capacity’. In the “Fossil fuel scenario” lost nuclear is replaced by a 
combination of coal and gas. 


Europe will continue to liberalise its gas market and ultimately aim to create a Pan- 
European gas network with more interconnecting pipelines and new LNG 
regasification terminals. 


Oil-linked prices are effectively acting as a ceiling for European gas prices. At current 
high price levels, traditional oil-linked gas producers (most notably Gazprom) have the 
ability to significantly increase supply, should there be demand. Oil indexation in gas 
contracts from major suppliers should continue to erode as high oil-linked gas prices 
should lead to greater competition between gas and other energy sources including 
coal and renewables. Gas producers will be forced to reconsider gas pricing formulae 
to be able to maintain the share of gas as a primary energy source. 


We expect unconventional gas production in Europe to emerge only in a few 
countries, namely Poland and Ukraine, where their respective governments will 
provide political backing to such projects in order to reduce their dependence on 
Russia and diversify supply. 


We forecast Russian gas production to grow by 15-20% by 2020 led by independent 
gas producers, oil companies and the development of Gazprom's new fields in Yamal 
and Shtokman. Europe will remain the dominant export market for Gazprom since the 
latter may not be able to sign a deal with China owing to pricing issues. Russia will 
have to change the existing oil-linked price formulae if it wants to maintain its export 
volumes into Europe. 


North America 


We expect North America to remain an isolated market owing to continued shale gas 
production growth. Having said this, we expect US natural gas prices to appreciate in 
the longer term from current levels as current spot prices do not justify investment in 
gas production. We model long-term US gas prices at $5.5/mmbtu. LNG and policy 
induced coal-gas switching appear to be the most meaningful sources of demand 
growth but neither will arrive any time soon, in our opinion. 


US natural gas demand should rise over time to close the pricing arbitrage between 
natural gas and coal (power) and liquids (oil). Much of the expected increase in natural 
gas consumption from power demand kicks in after 2014. 


* Assuming a 25% load factor, we calculate Germany needs at least 95GW renewables capacity to cover 
35% of the 596TWh demand 
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= In our base case, we expect North America to export up to 15mtpa (20 bcm, 2bcfd) of 
LNG by 2020, some from the West Coast (British Columbia) where it can be delivered 
to the Asia-Pacific region, and some from the repurposing of LNG import terminals in 
the Gulf or East Coast. On paper, there are up to 77mtpa (10bcfd) of LNG liquefaction 
terminals proposed from North America. 


= BG has recently signed a 20-year sale and purchase agreement with Cheniere to 
export 3.5mtpa (around 0.5bcfd) from Cheniere’s Sabine Pass LNG scheme in the 
Gulf Coast, subject to Sabine Liquefaction's receiving regulatory approvals, securing 
financing and making a final investment decision. We believe it will take around $4/mcf 
from inlet pipe to regas exit to provide an acceptable return from the Gulf to Europe, 
and $5.25/mcf from the Gulf to Asia. Cheniere ultimately wants the Sabine 
Liquefaction plant to produce 9mtpa (1.2 bcfd) of LNG in the first phase of its project. 
Sabine Liquefaction has received authorisation from the U.S. Department of Energy to 
export up to 16mtpa (2.1bcfd). 


= = |t remains to be seen how Canada’s BC exports will price into Asia — either as a mark- 
up to the prevailing Henry Hub plus liquefaction costs or following the current practice 
in Asia i.e. significantly correlated to crude, and therefore able to benefit from a large 
price differential between NAM and Asia. 


Asia-Pacific 


= In the Asia-Pacific region, we expect strong gas demand growth (5.9% p.a. over 
2010-20E) owing to gas switching in power generation and industries. We expect that 
demand will be met by a combination of indigenous production growth (both 
conventional and unconventional) and incremental LNG supply, mainly from Australia 
and Qatar. 


= Japan: Post Fukushima creates incremental demand both short term and long term. 
We look at three detailed scenarios for Japan’s LNG needs depending on nuclear 
policy. In our base case, we anticipate “newer” nuclear power stations will be returned 
to generation gradually under the new administration. Our forecast for 2020 LNG 
demand in Japan is 92mpta vs 70mtpa in 2010. 


= Qatar will meet the lion’s share of both the immediate and medium long-term 
incremental LNG requirement in Japan — having uncontracted available capacity to do 
so. It will likely achieve LNG price formulae significantly correlated to crude (nearing 
Crude Price Parity) for those supplies — hence Asian LNG prices will likely remain 
strong for the foreseeable future. A further consequence of this redirection will be an 
upward price pressure in Europe, where the Qatari gas will need to be replaced, once 
spare coal capacity has been fully utilised. 


= Australia: The focus moves to build out. The primary challenges will be to meet the 
time and cost deadlines for the 52mtpa of sanctioned projects now entering/ 
progressing through the construction phase. 


= China: Low gas penetration thus far suggests China could radically increase its 
demand for gas — the question is whether it can drive gasification using domestic 
unconventional gas resources, or feels compelled to draw in further higher-cost import 
gas sources. In the short to medium term, China has secured enough gas to meet 
growth and is using the next plan period (2011-15) to assess how significant domestic 
shale/tight and CBM production could be in the latter part of the decade (and if it will 
need to commit to further pipeline gas/LNG to meet gas demands at that time). While 
China waits, lower-cost gas suppliers have time to firm up their LNG offer (e.g. in East 
Africa). 
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= India: Power tariffs in India are well below the levels needed to justify use of LNG at 
our forecast Asian spot/contract prices which eliminates a large potential source of 
demand. Development of Indian pipeline infrastructure and city gas distribution 
networks will help grow demand for higher cost gas, but this is likely to be at a more 
gradual pace. Long term, Indian LNG imports could also face headwinds from 
improving domestic production — should the KG basin and other promising acreage 
deliver on expectations. 


= Other emerging Asia wants, and plans for, increased gas penetration but is more 
price sensitive than China and India. 


= North American LNG as a supply point to Asia-Pacific: Asian buyers will likely 
show strong interest in developing a new LNG source — but may be concerned by 
long-term gas pricing deliverability. North Asia is used to pricing certainty via contract. 
Importantly, existing Asia-Pacific LNG suppliers will not want to see price pollution 
from NAM LNG supplies and it is these suppliers who are the most likely aggregators 
of North American LNG e.g. BG in its recent deal with Cheniere. It remains to be seen 
how Canada’s BC exports will price into Asia — either as a mark-up to the prevailing 
Henry Hub plus liquefaction costs or following the current practice in Asia i.e. 
significantly correlated to crude. 
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Stock conclusions 


We have summarised below our key stock calls following this detailed analysis of global 
gas markets. The stock calls below are predicated on our view of a tightening market over 
the next 4-5 years followed by a competitive LNG supply market longer term. 


Europe 


BG (Outperform, TP 1770p): BG is well-placed to benefit from a tightening LNG 
market over the next 4-5 years, with flexible LNG volumes (notably from EG LNG) and 
strong trading capabilities allowing it to benefit from arbitrage opportunities. We expect 
BG's strong 2011 LNG marketing performance to continue, and conservatively 
forecast $2.3bn of LNG EBIT in 2012-13. BG’s LNG supply portfolio is set to grow 
from 12.7mtpa in 2010 to up to 32mtpa by 2020E with the addition of i) the QCLNG 
project in Australia (up to 12.6mtpa for 3 trains), and ii) a proposed 7mtpa LNG export 
scheme in Tanzania with Ophir, ii) its recent agreement to purchase 3.5mtpa of LNG 
from Cheniere’s Sabine Pass terminal at Henry Hub-linked prices. With Tanzania and 
the US, BG has added two lower-cost supply sources to its portfolio, giving it a 
competitive advantage in the race to FID and capture Asian demand. 


Shell (Outperform, TP 2780p/$90): Shell is the largest LNG producer among majors 
and is set to maintain its leadership throughout this decade, with 8.3mtpa of LNG 
under construction (Gorgon, Prelude and Pluto) and a further 10mtpa of potential LNG 
options (Arrow, Sunrise, Browse, Abadi, BC LNG). In May 2011 Shell sanctioned 
Prelude FLNG, the world’s first Floating LNG project. We think the company could use 
its Floating LNG technology to gain access to other gas resource opportunities at 
advantageous prices. Interestingly, the initial proposed FLNG projects have relatively 
low breakevens. In the nearer term, we believe Shell is well placed to take advantage 
of a tightening LNG market in Asia given its position in Sakhalin Il and Malaysia LNG, 
and flexible volumes from Qatargas 4 (which has been operating at plateau since 
2Q11). 


Ophir (Outperform, TP 510p): The potential for LNG in Tanzania and Equatorial 
Guinea is central to Ophir’s investment proposition, and it plans to drill several high- 
impact wells to prove foundation volumes to underpin LNG developments. Recent 
successes in areas of Ophir's portfolio are attracting significant industry interest, and 
this is important as Ophir is likely to be looking to monetise (complete sale or partial 
farm-out) its acreage in Tanzania and Equatorial Guinea (EG) as early as 2H12 after 
what will be an important drilling programme in 1H12. Ophir has an early mover 
advantage in the frontier East Africa region, and it is utilising its core technical 
strengths by adding more operated acreage in the region (East Pande farm-in and 
proposed acquisition of Dominion). Beyond this, its portfolio has the depth to keep the 
story exciting, particularly the pre-salt play in Gabon together with Petrobras. 


NOVATEK (Outperform, TP $17.1) NOVATEK will be able to grow production to 100 
bem by 2020E and gain market share from Gazprom, on our forecasts. To do so 
NOVATEK will likely continue acquiring new assets (both mature and greenfield) at 
attractive valuations. More power generation companies will likely switch to NOVATEK 
from 2012 when 10-year supply contracts with Gazprom expire as NOVATEK will be 
able to offer more favourable and flexible terms. We expect NOVATEK to be exporting 
its gas to Germany breaking Gazprom's export monopoly next year following its 
acquisition of a stake in Verbundnetzgaz. Yamal LNG, which we expect to come on 
stream in 2016-17, should be able to reach production of 20-25 MTA, higher than 
expected 15 MTA on the back of new reserves added recently which double the 
resource base of the project. We project 30-35% CAGR earnings growth for the next 
five years based on the current asset base and admit that the risk is on the upside. 
The premium valuation which NOVATEK has always enjoyed is, in our view, fully 
justified. 
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Gazprom (Underperform, TP $5.3). We think Gazprom will struggle to sell gas to 
Europe above minimum take-or-pay levels. The company will likely try to keep the oil 
indexation of gas prices for as long as possible, which should lead to demand 
destruction and loss of its market share in Europe long term. Gazprom will likely be 
unable to sign a contract with China unless it submits to the Chinese terms. The deal, 
should it happen, is unlikely to be margin accretive for Gazprom. We model further 
margin deterioration when new more expensive gas starts coming from Yamal. 
Domestically, we expect gas tariffs increases to stall at $140/mcm and the government 
to open up access to the pipeline system allowing price competition among producers; 
as a result, we expect Gazprom to lose 10-15% of its market share in Russia. 


European Oil Services: It is difficult to get "pure" exposure to firming global gas dynamics 
through the Euro OFS space, however there are a number of companies who offer solid 
long-term exposure through specific business divisions to the improving global spending 
outlook in Upstream natural gas / CSG / LNG monetisation and FLNG solutions. 


Our preferred names to leverage into the theme through Euro OFS would be: 


Technip (Neutral, TP €69): 2011 was a key year for Technip, having won the major 
FLNG contract for construction of the Prelude facility off Northwest Australia with 
optionality for many look-alike projects in the long term with recent FEED studies 
completed in Brazil, Malaysia and Indonesia for similar solutions. Shell has a 
framework agreement with Technip/Samsung for up to 10 Floating LNG (FLNG) units 
over 15 years. Around 16% of current backlog is exposed to gas and the company is 
well positioned in the FLNG supply chain as well as having been involved in c.30% of 
existing world LNG production capacity. 


Saipem (Underperform, TP €38) is rapidly building its presence in the gas value 
chain via similar FLNG solutions. While it is behind Technip in the development curve, 
it could be a long-term beneficiary of potential FLNG development spending by Eni in 
Ghana and Angola, but it is early days. Arguably more important in the next few years 
is the scope for Saipem to have leverage to significant development spending on 
conventional onshore liquefaction facilities in Mozambique, particularly given Eni's 
recent Mamba South-1 discovery (up to 22.5 tcf). 


SBM Offshore (Outperform, TP €21) offers exposure to the same theme longer-term 
for its own FLNG concept design. Two LNG FPSOs remain on the near-term agenda 
as far as we are aware. Masela/Abadi for Inpex in Indonesia (although Technip is now 
widely assumed to be front-runner given Shell’s involvement) and the Cash/Maple for 
PTTEP. Rather more importantly, the outlook for component orders for SBM's turret 
mooring systems is robust where SBM is the leader in this field. We note that Shell 
has a framework agreement with Technip/Samsung for up to 10 Floating LNG (FLNG) 
units over 15 years: SBMO, in turn, has a framework agreement in place for the supply 
of turrets for these FLNG units over the next 15 years. 


North America 


Focus on low-cost gas names shifts to Energy XXI (EXXI): We have preferred 
Marcellus names e.g. RRC as the low-cost gas providers in the US in 2011. We 
recently raised our NAV-based target price on RRC to $81 per share on higher 
reserve recoveries in RRC's North-East Pennsylvania (PA) project area (RRC 
increased EURs to 6.5 Bcfe from 6.0 Bcfe). This follows the recent increase in EURs 
in for the South-west PA project area where our estimates increased to 5.7 Bcfe from 
5.0 Bcfe. However, RRC should not be immune to weakness in the front end of the 
gas curve. Currently, we shift attention to EXXI. Although predominantly an oil 
producer today (60% oil), EXXI is participating in tests of Deep Shelf Gas that could 
unlock even lower cost gas reserves than the Marcellus. 
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EXXI (Outperform, TP $40) - Ultra-deep Shelf gas catalysts: All the equipment 
required to complete the Davy Jones deep shelf gas well has been constructed and 
the perforation (well test) is expected by mid-December. Expectations are for the well 
to flow 50-75 mmcf/d. EXXI also expects to be at total depth on Blackbeard East soon 
which could correlate to the Davy Jones well 90 miles away. This could confirm the 
concept that these are blanket sands across the shelf and likely prospective across 
multiple structures that exposes EXXI to more than 10 tcf of net gas potential (more 
than 1.5 billion barrels of oil equivalent) with a potential upside NAV over $50/sh. 


US Oil Services: Within US OFS, there are pockets of exposure to offshore Australia 
construction. However, the competitive landscape is such, and the relevance is such that it 
is difficult to make a call on any names as pure plays on the theme. 


Offshore development in Australia is generally a positive for many of US services 
names (service, subsea, offshore drilling, compression/transportation of gas from the 
wellhead); however, exposure to this trend is broad. 


Onshore Australia CSG development: “Big 4” service names (SLB, HAL, BHI, WFT), 
Oil States (OIS) for accommodations and Enerflex (EFX.TO) for compression. 


FLNG construction exposure is modest. Cameron (OP, TP $71) has some process 
valve exposure, but it is small in the context of the group. 


Asia 


China: The three oil majors have now committed to the development of domestic 
onshore unconventional gas resources in China. Petrochina will likely be the relative 
winner, participating in both upstream developments and as the dominant participant 
in primary gas distribution domestically. CNOOC has already taken a 51% stake in 
CUCBM and will drive CBM production growth; SINOPEC has decided to actively 
participate in shale developments onshore - where China believes it has more than 
30,000 bcm of recoverable shale gas deposits. Green Dragon Gas, Sino Oil and 
Gas and Sino Gas and Energy are working towards near-term CBM production ramp 
ups with COSL and Anton Oil providing development support services. Downstream 
China Resources Gas, China Gas Holdings and Kunlun will continue to enjoy 
earnings growth as gas increases its share in the primary energy mix in China. 


India: We prefer the two pipeline companies — GSPL and GAIL, who will be able to 
utilise large current spare capacity and improve earnings and returns. 


Japan: INPEX should be a winner, in our view, because 1) INPEX can benefit from 
increased gas demand in Japan by developing two LNG projects (Ichthys and Abadi). 
2) INPEX is financially sound and has strong backing from utilities, 3) INPEX's 
valuation is one of the cheapest among global E&P, on our forecasts. 


Australia 


We prefer Woodside (WPL) and Origin (ORG) over Santos (STO) and Oil Search 
(OSH). 


With uncommitted capacity from its existing NWS (North West Shelf in Western 
Australia) LNG trains and Pluto 1 train (4.3mtpa) owing to ship cargoes from March 
2012, WPL (Outperform, TP $46.00), is best placed to capture any potential upside 
from a tightening LNG market over the next 3-4 years, in our view. WPL also has three 
LNG growth options (Pluto expansion, Browse and Sunrise) which are still in the 
planning phase, and we would argue at the current share price investors do not pay 
anything for this growth potential. 


Global Gas 


22 November 2011 


10 


AN 


CREDIT SUISSE 


ORG (Outperform, TP $16.90), with its stake in the 9mtpa 2 train APLNG project at 
Curtis Island, Gladstone, is in the market to sell offtake from train 2 before an 
expected FID in 1Q2012 (Train 1 reached FID in August 2011). APLNG is competing 
with Wheatstone (which has reached FID) to gain customers with APLNG hoping to 
benefit from upside in pricing post Fukushima. 


OSH (Outperform, TP $7.40), is 50% complete on its US$15bn PNG LNG 2 train 
project, with concerns about cost overruns from construction, landowners issues and 
FX impact from the strong AUD. XOM, as operator, has maintained its “on time, on 
budget” position. 


STO (Neutral, TP $14.65), is 10 months into construction of its A$16bn GLNG project 
with first LNG due in 2014 and has a small equity interest in PNG LNG and Darwin 
LNG. With three projects (20.8mtpa) commencing FID within the past 12 months at 
Curtis Island at Gladstone (BG's QCLNG, STO's GLNG, and ORG's APLNG), the race 
is on. Bechtel, as downstream developer of all three projects, is confident of delivering 
all three LNG project on time and on budget in the 2014-2015 window. 


Latin America 


Although gas is not our main stock theme in Latin America currently, we provide several 
stock ideas: 


Comgas (Neutral, TP R$42) is the largest distributor of natural gas in Brazil and 
would be a clear beneficiary of the upcoming oversupply. 


HRT (Outperform, TP R$1600) has significant gas reserves in Solimoes that can 
unlock value if monetised. 


In Argentina, YPF (Outperform, TP $50) is focusing mainly on shale oil, recently 
making announcements on its Vaca Muerta potential, but already has monetisation in 
place for a 4.5tcf tight gas discovery. As domestic gas prices converge to higher 
levels, we could see further exploration efforts on the gas side from YPF. 
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Global LNG 


In this report, we introduce the new Credit Suisse global gas model, incorporating insights 
from Credit Suisse research teams across Europe, Asia, Australia and the Americas. We 
model 90 individual LNG projects and LNG demand on a country or regional basis. 


Conclusion: Tight through 2016 with plenty of 
projects competing to fill late decade demand 


We see two distinct periods in the outlook for the LNG market this decade: The market 
looks tight over 2011-16. We believe the global LNG market will get tighter until around 
2016 as liquefaction additions (only 5.5mtpa of annual LNG additions in 2012-14) are 
outpaced by demand growth. We estimate that the potential LNG supply deficit will peak in 
2014-15 at 35mpta, the equivalent of 7 Gorgon LNG trains. 


After 2016, there seem to be enough LNG projects to meet 2017-20 demand (even with a 
more bullish scenario for China LNG demand). Taking gas affordability into consideration 
we believe cost of supply will become a more important differentiator for future yet to be 
sanctioned LNG proposals. 


Figure 2: Global LNG demand vs potential supply (in mpta) 
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Source: Company data, Credit Suisse estimates. 
NB: China bull demand case assumes that 30% of additional gas demand is met by LNG 


LNG should gain further market share as a proportion of total gas consumption. We 
forecast that LNG will represent 14% of global gas consumption by 2020, up from 9% in 
2010. Global gas markets should continue to become more integrated — although new 
LNG supply should be largely dedicated to regional demand, there will be significant cargo 
arbitrage opportunities between basins in 2011-15. 
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Figure 3: Global LNG output, Share of LNG in world gas consumption 
in mtpa (LHS) and % (RHS) 


16% 
14% 
12% 
10% 
8% 
6% 
4% 
2% 
0% 


500 


400 


2000 2002 2004 2006 2008 2010 2012 2014 2016 2018 2020 


[5 LNG output (mtpa), LHS Share of LNG in consumption, RHS 


Source: BP Statistical Review, Credit Suisse estimates 


A word on methodology 


In our global gas model, we are tracking 90 liquefaction projects worldwide, of which 33 
LNG plants currently onstream, 11 plants under construction, 15 plants in the engineering 
phase (“possible”) and 31 projects under study (“speculative”). In our model, we take a 
view on which projects will go ahead and contribute to production by 2020 (“possible”), 
and which projects are likely to be cancelled or delayed until after 2020 (“speculative”). For 
instance, we include Browse LNG in Australia among the “possible” projects, but classify 
Sunrise LNG as “speculative”. We model brownfield expansions as separate projects. 


Given the uncertainty around the feasibility and timing of the numerous unsanctioned 
projects, we have modelled 4 liquefaction supply cases: 


(1) Worst case for LNG capacity additions = no further FIDs: Includes only LNG 
projects under construction and no “possible” pre-FID LNG projects. 


(2) Bear case: Only includes projects under construction and 50% of “possible” pre- 
FID LNG projects. As such, we risk all the “possible” pre-FID projects equally, but 
do not take an explicit view on which projects will go ahead. 


(3) Base case: Includes projects under construction, and all “possible” pre-FID 
projects. 


(4) Bull case: Includes projects under construction, all “possible” projects and all 
“speculative” projects. 


Wide range of outcomes after 2015 


Figure 4 and Figure 5 below show the global LNG supply/demand under our 4 supply 
scenarios in two ways: 1) implied LNG utilisation (where a >90% utilisation rate would 
indicate a tight market and a <80% rate a loose market) and 2) potential LNG supply 
relative to our demand forecasts. 


A striking feature of this analysis is the apparent certainty in supply outcomes until 2015, 
due to the long lead times (4-5 years) in bringing new LNG supply onstream. In other 
words, all projects supposed to contribute to production over 2012-15 are already under 
construction — the only remaining uncertainties until 2015 are potential start-up delays 
(likely) and demand-side shocks. In contrast, we observe a wide range of supply outcomes 
after 2015. This suggests a relatively good probability of a tight LNG market through 2016, 
absent a global economic meltdown. 
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Figure 4: Implied global LNG utilisation, 2000-20E: Wide Figure 5: Global LNG demand vs potential supply 
in mtpa 
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From this analysis, we can draw a few conclusions: 
More FIDs required to avoid a long-term crunch 


As gas demand rises particularly in the non-OECD, the world will need more LNG than just 
the currently sanctioned projects. If there were no further FIDs on LNG projects, the global 
LNG market would remain extremely tight throughout the second half of the decade, with 
over >90% LNG utilisation until 2020 and a shortage of up to 40mtpa of LNG by 2020. 
Given the long lead times between FID (Final Investment Decision) and start-up of 4-5 
years, we need to see more FIDs in the next 1-2 years in order to alleviate tightness in the 
latter part of the decade. We expect to see more LNG project sanctions in the next couple 
of years, encouraged by high current spot LNG prices. 


But many LNG projects won’t fly — there will be some losers 


Our counter-consensus view is that China will not be a bottomless source of gas demand, 
and that affordability issues in other developing countries will limit potential gas demand. 
As a consequence, the world will need fewer LNG plants by 2020 than are currently 
proposed. If all “speculative” LNG projects went ahead, the global gas market would 
become severely oversupplied, with a potential surplus of 122mpta LNG by 2020. We 
expect the vast majority of these “speculative” projects to be cancelled or delayed for 
several years. 


Later in this section, we lay out in more detail which LNG projects we believe will go ahead 
and which are most at risk. 


Global LNG capacity to increase by 61% by 2020E 


We forecast that global liquefaction capacity will rise from 278mpta in 2011 to 449mtpa by 
2020 in our supply Base case. Of the incremental 173mtpa of liquefaction capacity, 
75mpta are already under construction and 97mtpa are “possible” unsanctioned projects. 
In addition, we have identified a further 88mtpa of “speculative” projects, which we do not 
include in our supply Base case. 
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Figure 6: Global LNG supply by country — Credit Suisse base case 
Nameplate capacity in mtpa 


22 November 2011 
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Source: Wood MacKenzie, BP Statistical Review, Credit Suisse estimates 


Australia adds 50% of incremental LNG supply by 2020E 


Australia is the single largest contributor to future liquefaction capacity growth, overtaking 
Qatar by 2017E as the world’s biggest LNG exporter. We forecast that Australia will add 
9imtpa of LNG capacity between 2011 and 2020, or over 50% of total LNG incremental 
supply. 


This 91mtpa of new capacity includes 52mtpa from 5 sanctioned greenfield projects (Pluto 
T1, Gorgon, QCLNG, Gladstone LNG, AP LNG, Wheatstone and Prelude), plus 39mtpa of 
unsanctioned projects, of which 2 greenfields (Ichthys and Browse), and 4 expansions 
(Gorgon T4, QCLNG T3, Pluto T2 and AP LNG T2). 


Beyond Australia, other greenfield LNG additions could come from Russia (Yamal), 
Nigeria (Brass LNG), Algeria (Arzew and Skikda expansion), Canada (Kitimat), East Africa 
(likely both Tanzania and Mozambique), Papua New Guinea (PNG LNG), US (Cheniere’s 
Sabine Pass), Angola (Angola LNG) and Indonesia (DS LNG and Tangguh T3). 
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Figure 7: Top 10 LNG producers, 2010 and 2020E 
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Figure 8: LNG capacity additions, 2020E vs 2011E 
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Source: BP Statistical Review, Credit Suisse estimates. 


NB: this chart shows estimated LNG production rather capacity. 


Global LNG demand - Growth from Europe and Asia 


We model LNG demand on a country-by-country or regional basis. Importantly, we do not 
assume that LNG imports will simply “back-fill” the gap between potential gas demand and 
the sum of domestic supply + pipeline imports, for two main reasons: 


(1) 


(2) 


In Europe, the spot market has behaved slightly uncharacteristically compared with 
pure arbitrage economics. Almost 70% of gas is still supplied under oil-linked long- 
term contracts with minimal take-or-pay obligations. European utilities have to buy a 
certain amount of gas even if they don’t want it. Then they sell this gas at trading 
hubs as it is uneconomical to produce electricity from it (coal is cheaper). This extra 
gas has depressed spot prices compared with a pure arbitrage from Asia — we 
believe this could continue. Hence, we assume that customers will take as much 
LNG as possible, since a) spot European gas prices could remain substantially 
cheaper than oil-linked gas prices (LNG imports tend to be priced off spot), b) 
customers seek alternatives to Russian gas for political reasons. European 
customers have sought to maximise LNG purchases for the last 10 years — LNG 
imports have risen by 10% p.a. since 2000 while overall gas demand was up only 
1.7% p.a. We see no reason for this behaviour to change, as we estimate that 
Gazprom’s oil-linked gas prices will be around $14/mbtu for the foreseeable future 
given high oil prices, well above current spot NBP prices (the forward curve 
averages $10.5-11/mmbtu). We believe that in the absence of constraints on 
regasification capacity and take-or-pay quantities, LNG imports effectively have 
become “base-load” supply, while oil-linked piped gas represents the delta. 


In Asia, we believe it is wrong to simply assume that LNG will represent the delta 
between domestic supply and gas demand. Potential LNG demand growth would 
be well in double-digits if it were not constrained by affordability. Residually, we 
also have some concerns over regasification capacity, although these are easier to 
fix. We have built our Asian LNG demand forecasts on a country-by-country basis, 
taking into account gas pricing and regasification capacity. Our forecasts of 
Chinese LNG demand of 30mtpa by 2020 are below consensus. 
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North America is the only region where LNG demand is the difference between domestic 
supply and demand. There is clearly no shortage of regasification capacity in the US. In 
our view, NAM should remain the market of last resort for LNG, with little ability to attract 
cargoes away from higher-priced destinations (Asia and Europe). In the forecast period, 
LNG into NAM represents Mexico, and keeping US regas terminals operational. 


Figure 9: Global LNG demand by country - Credit Suisse base case 
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The composition of global LNG demand is set to shift subtly over the next decade. 


Asia’s share of demand should remain stable at around 60%. Within this, the share of 
traditional buyers (Japan and Korea, the world’s two largest LNG buyers) should 
decline from 32% and 14% of global demand in 2010 to 26% and 9% respectively in 
2020E. Meanwhile, the contribution of China and India to global LNG demand should 
roughly double by 2020E to around 8% each. New markets in the Southeast Asia 
should open up, such as Singapore, Thailand and potentially traditional LNG exporters 
Indonesia and Malaysia. By 2020, we estimate that Southeast Asia could import 
11mtpa of LNG, or 3% of global demand. 


Europe should see a material rise in LNG demand as domestic gas production 
declines and buyers seek alternatives to high-priced Russian gas. We forecast a 
31mtpa increase in LNG imports or 4.3% p.a., slower than the 10% annual increase 
seen in the last 10 years. Despite strong demand growth, Europe’s share of total LNG 
imports should decline to 27% from 30%. 


New LNG markets in Latin America and the Middle East should continue to grow, 
and together could represent 10% of global demand in 2020E, up from 4% in 2010. In 
particular, the Middle East could add 15mpta of LNG demand by 2020E due to rising 
demand in Kuwait and Dubai (who already import LNG), and demand from new LNG 
importing countries, Bahrain and Jordan. 
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Figure 10: Change in LNG demand, 2020E vs 2011E 
in mtpa in % of total 
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Figure 11: Composition of global LNG demand, 2020E 
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NB: Grey bars represent China and Japan demand bull cases. 


Pricing is key — Asia won’t take LNG at any price 


The consensus view is that pricing of long-term LNG contracts in Asia has strengthened 
across the board in the wake of the Fukushima crisis. We think the reality is a little more 
complex, aS emerging gas supply sources (North American LNG, East African LNG, 
Russian and Central Asian pipeline gas) are seen as offering lower-priced alternatives to 
new Asian buyers. 


Most long-term contracts signed in Asia in the last 1-2 years have featured a high slope to 
JCC (Japanese Crude Cocktail) and a high oil price kink point, providing the LNG seller 
with considerable upside to oil prices. The “norm” for recent long-term deals in the Asian 
market has been a slope of 14-14.85% to JCC, with lower slopes of 11-12% above and 
below the trigger points (upper and lower kink points). One of the most attractive deals 
signed recently is Ichthys LNG, where a consortium of Japanese and Korean buyers have 
agreed on a 15% slope to JCC with an upper kink point of $120/bbI. 


However, we believe newer Asian LNG buyers (most prominently China and India) will 
resist signing traditional long-term oil-indexed contracts — even in a post-Fukushima world 
— given i) potential for domestic production, and ii) improving prospects for North American 
and East African LNG exports, pointing to a looser market in the latter part of this decade. 


Illustrating these trends, Qatar has struggled to sign long-term oil-linked contracts to Asia 
in the last few years. Qatar aims to increase the proportion of its sales going into Asia vs 
lower-priced markets by 20mpta (up from 30mtpa currently), but has so far failed to sign 
long-term contracts with China and India in recent months. Qatar’s insistence on oil-parity 
prices has been a hurdle for buyers not accustomed to paying high prices. 


= India: Qatar's RasGas has tried to increase supplies to India’s Petronet by up to 5mtpa 
from 2015 (in addition to the current 7.5mtpa contract), but pricing has been a 
stumbling block. Petronet has expressed a preference for long-term deals linked to US 
Henry Hub pricing, and is talks with Cheniere Energy (Bloomberg, 17 November 
2011). In late September 2011, BG signed an MoU with Gujarat to supply up to 
2.5mpta of LNG from 2014, and shortly thereafter signed an agreement to purchase 
3.5mtpa of LNG from 2015 from Cheniere’s Sabine Pass LNG export project. 
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= China: In 2009, Qatar signed MoUs with CNOOC and PetroChina for 7mtpa in total, 
but has not yet firmed up the agreements. 


As a result of slow progress on the Chinese MoUs, Qatar has been forced to reduce its 
price demands from full oil price parity (16% slope) to a slight discount to JCC, and has 
given concessions to buyers such as a negative constant. 


Even traditional North Asian LNG buyers such as South Korea are changing their 
purchasing behaviour. In September 2011, Chevron was forced to take a Final Investment 
Decision on Wheatstone without firming up a preliminary contract with Kogas, which 
signed agreements with Shell and Total instead. Supply diversification away from Qatar 
and Australia is said to be a key factor for Kogas. Kogas is also considering potential LNG 
imports from Western Canada (where it owns stakes in Shell’s BC LNG project and Penn 
West’s Cordova shale gas play), the US (it is in talks with Cheniere), Mozambique (where 
it owns a 20% stake in the Eni-operated Block 4) and pipeline imports from Russia — all 
lower-priced alternatives to oil-linked contracts e.g. from Australia. 


Asian buyers moving upstream 


In order to mitigate price-taker risk, Asian customers are increasingly attempting to take 
material equity positions in LNG liquefaction projects — this is an interesting change from 
the previous practise of Japanese and Korean customers of buying small (5% or less) 
minority stakes in projects. This new approach of investing in upstream acreage and 
liquefaction plants is seen as a way to be exposed to the entire LNG value chain and 
therefore hedging pricing risk. 


Sinopec has a 15% stake in COP/Origin’s AP LNG project, where it has also signed a 
long-term contract underpinning the first train. Shell is aiming to build an export terminal in 
Western Canada with PetroChina, Kogas and Mitsui. Mitsubishi and Kogas (along with 4 
Japanese companies) have a 50% stake in Penn West’s Cordova Embayment shale gas 
play. Malaysia’s Petronas has an 80% stake in a competing Canadian LNG export project 
with Progress Energy, and has a 27.5% stake in the Santos-operated Gladstone LNG 
project in Australia. Also, in Queensland, PetroChina and Shell have a 50/50 joint venture 
in the Arrow Energy LNG project. 


“Advantaged” LNG projects to win 


Given sensitivities around pricing for newer LNG buyers, we believe pricing will be a key 
consideration in whether a project will succeed or not. The issue is that high construction 
costs on new projects are making it difficult for sellers to offer competitive pricing terms. 
Liquefaction costs have increased in recent years to c.$1,000/ton of annual capacity. 


We think the best positioned LNG projects are those with the lowest all-in capital costs, 
which could due to a number of factors, including: 1) the presence of existing infrastructure, 
making brownfield expansions more economic, 2) low upstream production costs thanks to 
geological factors, 3) associated liquids content, 4) favourable fiscal terms, 5) proximity to 
consuming markets resulting in low transportation costs, particularly to Asia. 


Beyond purely economic factors, we think some buyers (particularly traditional buyers in 
East Asia) continue to value security of supply and will therefore retain a preference for 
exporting countries seen as “lower risk”. We note that Japan did not participate in Yemen 
LNG. Companies with only one or two LNG projects in their portfolio may find it more 
difficult to persuade buyers to sign long-term contracts than larger companies with 
diversified supply portfolios. 


Offsetting possible reluctance from Japanese buyers to buy from countries seen as “higher 
risk”, supply diversification away from LNG behemoths Qatar and Australia is an 
important consideration for South Korea. All things equal, we think Kogas may prefer to 
buy LNG from new exporters such as Canada, the US, Mozambique or Russia rather than 
from Qatar and Australia. 
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Finally, technological risk is another important factor. Rightly or wrongly, buyers tend to 
attach more risk to “unconventional” LNG projects such as coal-bed-methane to LNG or 
Floating LNG than to conventional projects, due to a perception of greater delivery risk. As 
recently as 2-3 years ago, CBM-to-LNG projects in Queensland were viewed by buyers 
with some suspicion, as the combination of the two technologies of coal-bed methane and 
LNG had never been done before. It was feared that issues around e.g. ramp-up gas and 
de-watering would be show-stoppers, until they turned out to be manageable. 


Similarly, Shell’s Prelude floating LNG project was sanctioned largely because Shell was 
able to guarantee supply to customers from its global LNG portfolio — so that if the project 
failed to take off or was delayed, customers would still have security of supply. Shell took 
FID on Prelude in May 2011, underpinned by 2.8mtpa of contracts with Osaka and CPC 
from its global portfolio, and subsequently signed an MoU with Kogas in August 2011 for 
the project's entire 3.6mtpa offtake. We believe that many floating LNG projects proposed 
by smaller players with no technological track record and no global LNG portfolio (e.g. Flex 
LNG, Hoegh LNG) will find it significantly more difficult to secure customers. 


LNG cost curve 


In Figure 12 below, we show our estimated LNG cost curve — blue bars represent 
sanctioned LNG projects and striped grey bars show pre-FID projects. An important 
caveat is that there are still many unknown factors driving these projects’ economics, most 
notably capex (for nearly all projects) and in some cases fiscal terms (e.g. Mozambique). 
Therefore, the cost curve below should be seen as indicative only. Costs at new offshore 
Australian hubs such as Gorgon and Wheatstone should also fall. 


Figure 12: LNG projects breakeven prices (Striped bars = pre-FID projects) 
in $/mcf 


16 


PNG LNG 
Tangguh T3 
Cheniere 
QCLNG 
Arrow 
Tanzania 
Gorgon 
Browse fh 
Pluto 1 


Abadi FLNG [ 


F 
: 


Source: Company data, Wood MacKenzie, Credit Suisse estimates. 
NB: Breakeven price defined as FOB LNG price for a 12% IRR (nominal) over full project cycle, excluding M&A premium. Cheniere assumes 
$5.5/mcf Henry Hub. 


Winners vs Losers - What projects will make the cut? 


Specifically, we think projects which have a strong likelihood of being sanctioned include: 


(1) Brownfield expansions in Australia and elsewhere with sufficient gas reserves, 
such as APLNG T2, Gorgon T4 (and maybe T5), Wheatstone Hub, Tangguh T3 
and QCLNG TS. The attraction from brownfield expansions are the economies of 
scale that come from sharing basic utilities and infrastructure (up to 30% on the 
downstream costs). There are also other synergies achieved from the sequential 
building of the trains if the sanctions are taken within 18-24 months of each other — 
so delays in sanctioning expansions would result in lower economies of scale. 
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(2) Newbuild projects that are lower down the cost curve for various reasons we have 
cited above, and/or have already started to contract long-term supply under Heads 
of Agreements. These projects include: Ichthys (Australia) for its associated liquids 
content and proximity to Asian markets, Kitimat (Canada), Sabine Pass (US) and 
East African projects in Mozambique and Tanzania for low-cost gas supply, Brass 
(Nigeria) and Yamal (Russia) for abundant reserves and political support. We note 
Mozambique gas flow rates could be exceptionally strong and the fields are just 
30km offshore (vs >200km offshore for Wheatstone). 


And which projects won’t? 


We think pre-FID projects most at risk of slippage this decade are those with: 


(1) Higher political and/or fiscal risk, such as Shtokman, Sunrise and NLNG T7. Not all 
the proposed US liquefaction export schemes will be sanctioned if this leads to a 
political backlash against domestic gas price increases, if these indeed occur 
(much will depend on the 2012 election). 


(2) Greenfield projects with high capital costs (Arrow Energy, Browse — which may end 
up as backfill gas into the North West Shelf); 


(3) Brownfield expansions with insufficient gas reserves as of today, such as Pluto T3, 
Snghvit T2, Sakhalin T3 and Angola T2. 


(4) Greenfield projects at very early stages of conception (e.g. we have only included 
Kitimat in Canada), although we believe Shell and XOM’s BC LNG projects will also 
eventually go ahead. 


Among the above projects, we have included Browse and Pluto T2 in our base case and 
classified all others as “speculative”. We believe that affordability will deter potential 
buyers (particularly in Asia) from signing long-term contracts. This may give “speculative” 
projects time to address some of their issues. Political, fiscal or reserve issues are the 
most likely reasons to delay a potential FID, in our view. 


In terms of companies, we see BG and Shell as well-positioned to benefit from the next 
wave of LNG supply additions this decade. 


BG is building the two-train QCLNG plant in Queensland (which is 6 months ahead of 
the next CBM-to-LNG project, Santos’ Gladstone LNG) and is looking to sanction a 
third train by the middle of 2012. It is also well placed to source LNG from lower-cost 
countries, through i) a proposed LNG export scheme in Tanzania with Ophir, ii) its 
recent ground-breaking agreement to purchase LNG from Cheniere’s Sabine Pass 
terminal at Henry Hub linked prices, iii) its proposed LNG export project at Lake 
Charles. 


Shell is the largest LNG producer among majors and is set to maintain its leadership 
throughout this decade, with 8.3mtpa of LNG under construction (Gorgon, Prelude and 
Pluto) and a further 1Omtpa of potential LNG options (Arrow, Sunrise, Browse, Abadi, 
BC LNG). Shell sanctioned the world’s first Floating LNG project, Prelude FLNG in 
May 2011. We think its Floating LNG technology could help Shell gain access to other 
gas resource opportunities at advantageous prices. We see its entry into Abadi 
(Indonesia) with Inpex as an example of this strategy, with other moves likely to follow. 
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Figure 13: Global majors LNG capacity, 2010-20E Figure 14: Global majors LNG capacity, 2011 vs 2016E 
in mtpa of equity LNG capacity in mtpa of equity LNG capacity 
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Figure 15: LNG gas as a % of total upstream production 
in % 
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LNG flows: Mostly regional, except for Qatari arbitrage 


It is commonplace to say that the LNG market is becoming increasingly global, however 
the reality is that LNG basins are still relatively regional, with the key exception of Qatari 
cargo arbitrage between Europe and Asia. 


The Pacific and Atlantic basins have historically been separate markets, until the ramp-up 
of Qatari LNG mega-trains in 2009-11. The arrival of significant volumes of Qatari LNG 
with flexibility in terms of pricing and destination changed this and increased the linkage 
between the two basins. Qatar is almost equidistant in shipping terms between the Atlantic 
and Pacific basins, and has both the capability and willingness to divert cargoes between 
Europe and Asia. Effectively, the movement of Qatari LNG cargoes is one of the main 
transmission mechanisms between Asian and European gas prices. 
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LNG exporters other than Qatar primarily supply neighbouring countries, a trend we do not 
expect to change in the future. For example, Atlantic Basin LNG exporters Nigeria and 
Algeria mainly supply Europe (Spain, UK, France), and incremental LNG volumes from 
North and West Africa (Skikda and Arzew in Algeria, Angola LNG, Brass in Nigeria) should 
also be mostly destined for Europe. The three main Pacific basin producers (Indonesia, 
Malaysia and Australia) almost exclusively supply Asian markets, and we expect new LNG 
volumes from Australia to be overwhelmingly destined for Asia. 


Cargo diversion opportunities to Pacific Basin until 2015 


Our regional LNG supply/demand analysis suggests that the Pacific Basin should be 
tighter than the Atlantic basin until around 2015. This mismatch between regional demand 
and supply will have implications for global LNG flows. 


= During the 2011-15 period of structural tightness in Asia-Pacific, we should see 
cargoes initially destined for the European or US market diverted to Asia — e.g. we 
could imagine that some flexible volumes from Angola and Algeria could go to Asia 
rather than Europe or the US (their original destination). Companies with access to 
flexible Atlantic Basin LNG volumes should benefit, such as BG, BP, Total and Shell. 


= The situation is set to reverse after 2015, when the Pacific Basin could become well 
supplied with LNG, or perhaps even oversupplied in our Base case if all projects are 
delivered. We forecast up to 130mtpa of Pacific Basin LNG supply additions by 2020, 
around 73% of global incremental LNG capacity. This compares with our forecast of a 
58mtpa increase in Asian LNG demand over the 2011-2020 period (see Figure 17). 
Even if only half of the “possible” projects in our database were sanctioned, the Pacific 
Basin would still add 97mtpa of LNG capacity, outpacing demand growth. 


22 November 2011 


Figure 16: Atlantic Basin LNG balance: Better supplied Figure 17: Pacific Basin LNG balance: Famine, then feast 
LNG supply vs demand growth vs 2011E base in mtpa LNG supply vs demand growth vs 2011E base 
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A well-supplied Pacific Basin in 2016-2020 means that some LNG volumes will have to 
find another home. Cargoes that were diverted to Asia in 2011-15 will be sent elsewhere, 
first and foremost to Europe but also to new demand regions such as the Middle East and 
Latin America. For instance, we think a lot of flexible Middle Eastern LNG volumes (Qatar, 
Yemen) could displaced by long-term Australian supply in the Asian market, and will have 
to find customers perhaps closer to home — e.g. in the LNG-importing countries of the 
Middle East such as Dubai and Kuwait. 


Another factor to consider is transportation costs. High LNG tanker rates (currently over 
$100k/day) make arbitrage economics more difficult to work given the long distances 
involved in bringing cargoes from one continent to another. 
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Where could we be wrong? 


We are conscious that long-term forecasts have a habit of changing. The 2008 economic 
crisis combined with the US shale gas revolution resulted in significantly weaker LNG 
demand than anticipated, right at a time when Qatari LNG supply was rising strongly. 
Similarly, unforeseen positive demand “shocks” can occur, such as Japan’s earthquake 
and subsequent nuclear crisis. 


The LNG market could be tighter than our forecasts in the event of: 


(1) 


(2) 


(3) 


Delays to Final Investment Decisions: FIDs on more complex LNG projects have 
a tendency to slip to the right. For example, the timetable on projects such as Brass, 
Shtokman, Ichthys, Pluto Train 2 has been delayed by several years — up to a 
decade in the case of Brass which has been on the table since 2003. 


Delays during construction of LNG projects, or teething problems during 
ramp-ups. In Australia, the start-up of Pluto Train 1 has been delayed by up toa 
year to March 2012 vs an original target of March 2011, then September 2011, due 
to design flaws and labour shortages. Statoil’s Snghvit LNG in Norway started up in 
2008 but has experienced severe technical issues, with frequent shutdowns for 
planned and unplanned maintenance resulting in late cargo deliveries. 


Unplanned supply outages: General liquefaction plant availability started to 
deteriorate after 2006 for a variety of reasons — gas availability, technical problems 
or worsening security. This culminated in 2009 and 2010 — up to 6.8mtpa of 
capacity was offline in Nigeria, Algeria, Egypt and Libya due to various issues in 
2010. Other exporters such as Indonesia and Oman have suffered continued 
underperformance in the last few years due to a lack of upstream gas (See Figure 
18). Indonesia’s declining exports to Asia since 2006 has led traditional buyers 
(Japan, Korea, Taiwan) to seek additional spot or short-term supplies e.g. from 
Qatar. 


Figure 18: Algeria, Egypt, Nigeria, Indonesia and Oman have underperformed 
in % annual utilisation (actual output /nameplate capacity) 
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(4) 


Unplanned extended maintenance, similar to what Qatar saw in spring/summer 
2010 when it unexpectedly extended maintenance at 6 LNG trains, reducing supply 
by as much as 4.8mtpa on a full-year basis. Qatar’s actions have been widely 
interpreted as a deliberate attempt to reduce supply and therefore support market 
prices during a time of weak demand. 
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(5) An unforeseen positive demand shock, such as Japan’s March 2011 earthquake 
and subsequent Fukushima nuclear crisis. A milder earthquake in summer 2007 
forced Japan to take 4 GW of nuclear capacity from the market and import LNG. 


On the other hand, the market could be looser in the event: 


(1) More LNG projects are sanctioned than we anticipate in our Base case — this is 
illustrated by our supply Bull case, which assumes that all “speculative” LNG 
projects identified in our database are sanctioned. Indeed, there is a risk that strong 
LNG prices in the 2012-15 period could encourage more players to take FIDs on 
their projects, notably in North America (Such as BG’s Lake Charles, Freeport LNG, 
Cove Point LNG, Shell or XOM’s BC LNG in Canada and other proposed Canadian 
export projects, PNG LNG T3 in Asia and expansions of East Africa schemes, 
given the size of resources apparently found), but also on Floating LNG projects 
and small-scale LNG plants (similar to the 2mpta Donggi Senoro LNG plant in 
Indonesia). 


(2) Unforeseen negative demand shocks, such as the recession of 2008-09. 
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Figure 19: LNG projects start-ups, 2011-20E 
Nameplate capacity in mtpa 


Country Project 2010 2011E 2012E 2013E 2014E 2015E 2016E 2017E 2018E 2019E 2020E Status 
Construction & Possible 
Australia Pluto LNG 3.2 4.3 4.3 4.3 4.3 4.3 4.3 4.3 4.3 Construction 
Angola Angola LNG 4.0 5.2 52 5.2 5.2 5.2 5.2 5.2 5.2 Construction 
Algeria Skikda expansion 3.5 4.5 4.5 4.5 4.5 4.5 4.5 4.5 Construction 
Papua New Guinea PNG LNG 2.0 6.6 6.6 6.6 6.6 6.6 6.6 Construction 
Algeria Arzew GL3-Z 3.5 4.7 4.7 4.7 4.7 4.7 Construction 
Australia Gorgon LNG T1-3 75 15.0 15.00 15.0 15.0 15.0 Construction 
Australia QC LNG 2.5 7.0 8.3 8.3 8.3 8.3 Construction 
Australia Gladstone LNG 2.0 5.9 7.8 7.8 7.8 7.8 Construction 
Indonesia DS LNG 2.0 2.0 2.0 2.0 2.0 2.0 Construction 
Australia AP LNG (Origin) 4.5 4.5 4.5 4.5 4.5 Construction 
Australia Ichthys LNG 2.1 8.4 8.4 8.4 8.4 Possible 
Australia Pluto LNG T2 2.2 4.3 4.3 4.3 4.3 Possible 
US Sabine Pass 3.7 7.4 7.4 7.4 7.4 Possible 
Canada Kitimat LNG 4.0 5.0 5.0 5.0 7.5 Possible 
Russia Yamal LNG 1.0 7.5 13.0 150 15.0 Possible 
Australia Prelude FLNG 3.6 3.6 3.6 3.6 Construction 
Australia Wheatstone 4.5 8.9 8.9 8.9 Construction 
Australia AP LNG T2 4.5 4.5 4.5 4.5 Possible 
Australia QCLNG Train 3 4.3 4.3 4.3 4.3 Possible 
Indonesia Tangguh T3 1.7 3.8 3.8 3.8 Possible 
Nigeria Brass LNG 2.5 10.0 10.0 10.0 Possible 
Australia Gorgon LNG T4 5.0 5.0 5.0 Possible 
Australia Browse LNG 40 10.0 12.0 Possible 
Tanzania Tanzania LNG 7.0 7.0 Possible 
Mozambique Mozambique LNG 4.0 8.0 Possible 
Total Construction + Possible 7.2 13.0 160 38.1 72.6 1166 145.1 164.1 172.6 

of which in Construction 7.2 13.0 160 381 59.7 71.0 754 75.4 75.4 

of which Possible 13.0 456 69.7 88.7 97.2 
Speculative 
Russia Shtokman (Ph 1) 3.3 7.5 7.5 7.5 Speculative 
US Freeport Export 2.4 4.8 7.2 9.6 Speculative 
Brazil Santos FLNG 3.0 3.0 3.0 3.0 Speculative 
Equatorial Guinea EG LNG Train 2 4.4 4.4 4.4 Speculative 
Indonesia Abadi FLNG 1.3 2.5 2.5 Speculative 
Australia Pluto LNG T3 4.3 4.3 4.3. Speculative 
Norway Snghvit T2 4.2 4.2 4.2 Speculative 
US Lake Charles 5.0 12.0 15.0 Speculative 
US Cove Point 2.5 5.0 5.0 Speculative 
Papua New Guinea PNG LNG T3 1.7 3.3 3.3 Speculative 
Nigeria NLNG Train 7 6.0 8.4 Speculative 
Papua New Guinea Liquid Niugini 2.0 4.0 Speculative 
Russia Sakhalin 2 T3 2.5 5.0 Speculative 
Canada Shell BC 2.5 Speculative 
Australia Sunrise LNG 4.3. Speculative 
lran lran LNG 5.3. Speculative 
Total Speculative 8.7 38.6 63.9 88.2 
Total Additions 7.2 13.0 16.0 381 72.6 125.2 183.7 228.0 260.8 


Source: Company data, Credit Suisse estimates 
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LNG transportation — Finding its stride 


The transportation of Liquefied Natural Gas (LNG), while around since the 1970s, is still 
coming of age. LNG is natural gas (primarily methane) that has been cooled to about -260 
degrees Fahrenheit for either shipment or storage as a liquid. The liquid volume is 600x 
smaller than the gaseous form enabling its transport and trade over long distances. The 
majority of LNG carriers operate on long-term employment contracts transporting LNG for 
a specific project. Historically, the substantial upfront capital costs of building a LNG 
carrier combined with a limited spot cargo market has resulted in the majority of the fleet 
being built on the back of long-term employment contracts. 


While spot market cargoes are available we estimate that only 10% of the LNG fleet trades 
on the spot market with remainder employed on long-term contracts. In terms of size, the 
LNG fleet stands at about 390 vessels with ~35 LNG carriers trading on spot contracts. 


Figure 20: LNG Fleet and orderbook 
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Rising LNG transportation costs 


After reaching a trough in the first half of 2010, LNG spot charter rates began rebounding 
in the second half of 2010. This momentum has carried forward into 2011 with LNG spot 
charter rates currently over $100,000, more than double average spot rates last year 
($40,000). Not surprisingly, the rebound in rates has led to a pick up in new orders for 
LNG carriers. Over 40 LNG newbuild orders have been placed this year which should 
translate to roughly 6-7% fleet growth in both 2013E and 2014E. We note from 2008-2010 
just 10 LNG orders were placed hence the light delivery schedule next year. 


Figure 21: LNG transportation costs (in $/mbtu) 


Day Rate Assumptions 


Load Unload 60,000 75,000 90,000 100,000 115,000 130,000 145,000 
Australia Shanghai 0.96 1.03 1.11 1.16 1.24 1.31 1.39 
Australia Tokyo 1.06 1.15 1.23 1.29 1.37 1.46 1.54 
Qatar Shanghai 1.50 1.62 1.74 1.82 1.95 2.07 2.19 
Qatar Tokyo 1.67 1.80 1.94 2.03 2.16 2.30 2.43 
Qatar Zebrugge 1.66 1.79 1.92 2.01 2.13 2.26 2.39 
Qatar Rovigo 1.26 1.36 1.46 1.52 1.62 1.71 1.81 
GOM Zebrugge 1.29 1.40 1.50 1.57 1.67 1.78 1.88 
GOM Tokyo 2.27 2.45 2.63 2.75 2.93 3.11 3.29 
British Colombia Tokyo 1.19 1.28 1.38 1.44 1.54 1.63 1.73 


Source: Credit Suisse estimates. NB: Assumes ($4 N. America and $17 Asia/ME); 180,000 CBM Vessel, 
Avg Speed of 18 knots, Fuel Burn 200 MT/day, Bunkers $600 MT 
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Japan has almost single-handedly brought the LNG spot market back to life: LNG 
imports were up 8% Y-Y in the first half of 2011 and August LNG imports were up 18% Y- 
Y. Demand for LNG in Japan is expected to remain strong given recent declines in nuclear 
power generation. In 2010, LNG imports totalled around 70 million MT; we expect imports 
to reach almost 85 million MT in 2011E, and about 90 million MT by 2012E. 


China and India are also getting on the LNG train: Both China and India have seen 
surges in LNG imports with growth through the first half of 2011 at 27% and 26%, 
respectively. 


Increased LNG production should drive increased LNG spot cargo opportunities. 
LNG projects in Australia, Russia, West Africa and the Middle East should drive steady 
growth in LNG transportation. However, given the significant upfront capital costs and 
construction delays the timing of many of these plants coming on-line remains uncertain. 
The LNG deliveries of 2008 and 2009 suffered this fate as project delays resulted in many 
of these vessels trading on the spot market or laying idle (fortunately for many owners 
their vessels were committed to long term employment contracts). Over the next few years 
while there may be delays in plants coming on-line we expect LNG liquefaction capacity to 
grow at a compounded annual growth rate of roughly 7% per year through the end of the 
decade — in other words, the supply of seaborne LNG should roughly double by 2020. 


Figure 22: World LNG Terminals 
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Price imbalances should drive trading opportunities 


Currently, natural gas in North America trades at about $4/million BTU versus in Asia 
where prices are closer to $14. With North American shale gas production expected to 
grow steadily over the next few years the opportunity for increased LNG exports from the 
US is gaining momentum. Increased US production should help the global LNG spot 
market mature. 


With current charter rates for LNG carriers at roughly $100,000 if we assume an 80 day 
voyage time (US Gulf to Asia) that equates to a charter rate cost of $8 million. A LNG 
carrier (170,000 CBM) carries roughly 3.6 million BTU. After accounting for vessel 
transport costs, transportation fuel, terminal charges, and other we estimate the all-in 
transport cost at $2.75 per BTU. With the spread between North American and Asian gas 
at $10 per BTU - there is a profitable arbitrage that can be captured by moving gas from 
North America to Asia. 
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The potential game-changer in enabling this trade is Floating Storage Regas Units 
(FSRUs): We view FSRUs as ‘the everyman’s LNG solution’ as FSRUs are quicker to 
build (it takes ~2 years to convert an LNG vessel into an FSRU versus onshore 4-5 years), 
are cheaper to build (roughly 50%), and offer flexibility (can be moved to another site). 
Should demand patterns shift, FSRUs can follow the demand. We expect FSRUs to serve 
as a catalyst to increase the number of countries importing LNG. In 2009, 22 countries 
imported LNG; we expect this number to double by 2020 with many of these new countries 
utilising FSRUs in favour of onshore terminals. 


The FSRU market looks set to double over the next 3-5 years on our estimates. In 2005 
there were just 2 FSRUs in operation, while by the end of 2011 there should 14 FSRUs in 
Operation. The flexibility FSRUs provide combined with strong longer term LNG 
fundamentals has lead to a flurry of potential projects with over 20 FSRU projects in the 
planning phase. We estimate that at least 10 FSRUs are planned to come-on line in 2012 
and 2013. 


We expect the introduction of FSRUs to serve as a catalyst to increase the size of the 
LNG transportation market and also increase the percentage of the market that trades on 
spot. 


Industry size 


The LNG transport sector is highly fragmented considering its size with 57 owners 
controlling roughly 2% of the fleet (capacity) on average. The top ten owners control 52% 
of the total fleet, with Qatar Gas being by far the largest owner, followed by the major 
Japanese shipping companies. 


Figure 23: Top Ten LNG Carriers 


Owner Cu. M % of Fleet Vessels 
Qatar Gas (Nakilat) 6,063,700 12% 25 
MISC 3,545,877 7% 28 
Nippon Yusen Kaisha 3,001,185 6% 21 
Mitsui O.S.K. Lines 2,843,770 5% 22 
Teekay Corporation 2,374,033 5% 16 
BW Ltd. 2,043,741 4% 14 
Shell Group 2,016,825 4% 17 
BG Group Plc 1,834,412 4% 12 
Kawasaki Kisen 1,775,425 3% 12 
Nigeria LNG Ltd. 1,743,009 3% 13 


Source: Clarksons, Credit Suisse estimates 
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Europe 


Main conclusions 


Europe will remain well supplied in natural gas in the long term, in our view. The 
decline in indigenous production (which we expect to be milder than the IEA’s 
forecasts) should be offset by growing LNG imports, gas from Central Asia brought to 
Europe by new pipelines (e.g. Nabucco) and increasing gas exports from Russia from 
independent producers (NOVATEK). 


Europe will likely continue to liberalise its gas market and ultimately aim to create a 
Pan-European gas network with more interconnecting pipelines and new LNG 
regasification terminals, in our view. 


The UK NBP futures curve currently averages $10-11/mmbtu through 2013. The 
European spot market has behaved oddly compared with pure arbitrage economics for 
several years now. Almost 70% of European gas is still supplied under oil linked long 
term contracts with minimum take-or-pay obligations. European utilities have to buy a 
certain amount of gas even if they don’t want it. They then sell this gas at trading hubs 
as it is uneconomical to produce electricity from it (coal is cheaper). This extra gas has 
depressed spot prices compared with a pure arbitrage from Asia — we believe this 
could continue. Weather will be a significant short term European spot gas price driver 
but in the medium term — until electricity demand growth requires new gas fired power 
(as opposed to existing coal or growing renewables), this gas oversupply could 
continue. 


Oil-linked prices are effectively acting as a ceiling for European gas prices. At current 
high price levels, traditional oil-linked gas producers (most notably Gazprom) have the 
ability to significantly increase supply, should there be demand. 


Oil indexation in gas contracts from major suppliers should continue to erode as high 
oil-linked gas prices should lead to greater competition between gas and other energy 
sources including renewables. We think gas producers will be forced to reconsider gas 
pricing formulae to be able to maintain the share of gas as a primary energy source, 
particularly in the face of cheaper coal fired power economics. 


Sustained high gas prices should eventually lead to demand growth deceleration. We 
expect the world to consume significantly less gas than IEA forecasts due to 
affordability issues and gas demand destruction. At $14/mmbtu, natural gas could start 
to lose its economic appeal as many developing countries may not simply be able to 
afford this type of fuel at high prices. Coal should remain as the baseload for power 
generation. 


We expect unconventional gas production in Europe to emerge only in a few 
countries, particularly Poland and Ukraine, where their respective governments will 
provide political backing to such projects in order to reduce their dependence on 
Russia and diversify supply. 


Russian gas production will grow by 30-35% by 2020 on our estimates led by 
independent gas producers, oil companies and the development of Gazprom's new 
fields in Yamal and Shtokman. Europe will likely remain the dominant export market 
for Gazprom since the latter will not be able to sign a deal with China due to pricing 
issues. We believe Russia will have to change the existing oil linked price formulae if it 
wants to maintain its export volumes. 
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Gas supply in Europe 


Europe should remain well supplied in natural gas in the next decade. The decline in 
indigenous production, mainly the North Sea, should be offset by growing LNG imports, 
gas from Central Asia brought to Europe by new pipelines (e.g. Nabucco) and increasing 
gas exports from Russia from independent producers who will supply gas at spot prices. 


We expect almost flat production in Norway for 2012-2020. Gas production in the 
Netherlands should hold up well, too. Commentators have been forecasting production 
declines at the Groeningen field over the past decade, but it has remained flat. 


LNG has become the main source of cheaper gas (than Gazprom) in Europe. The 
volumes of LNG sold in Europe increased by 25% in 2009 and 17% in 2010 YoY. We 
expect that LNG’s market share will resume its upward path in 2012-2014 after a short 
pause, as new regasification terminals will be commissioned in Europe and new LNG 
trains will come onstream from 2015. On our estimates, LNG has the potential to gain at 
least 35% of the European gas market by 2020, providing an alternative to piped gas 
imports from traditional suppliers, most notably Russia. 


Due to more favourable pricing, we expect LNG to remain at the bottom of the merit order, 
while Russian gas will be used for peak demand. European utilities still have to buy gas 
from Gazprom due to take-or-pay obligations, although the latter will not manage to sell 
gas above minimum legal volumes, on our estimates. Take-or-pay obligations should 
remain the main factor limiting further LNG import growth in Europe. We think European 
utilities — which currently lose money on power produced from Russian gas — will likely try 
to either break the existing contracts, challenge Gazprom’s pricing provisions in arbitration, 
or at least not to extend contracts expiring in the near term. 


Figure 24: EU gas supply-demand 
in billion cubic meters (LHS) bcf/d (RHS) 
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Source: BP Statistical review, Credit Suisse estimates 


We expect Europe to start importing gas from Central Asia and the Middle East 
(Azerbaijan, Turkmenistan, Iraq) via new pipelines from 2016-2017 onwards. We expect 
these countries to supply at least 30 bcm a year. Although this represents only 5% of 
European gas consumption, it should enable Eastern European countries (which now 
source gas solely from Russia) to fully eliminate their dependence on Gazprom and create 
alternative supply. 
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Turkmenistan, where gas export revenues represent a dominant part of the country’s 
budget, will likely continue to diversify its export markets. The start-up of the 30 bcm 
pipeline to China in July 2011 has reduced Turkmenistan’s dependency on Russian 
offtake, but it remains critical for the country to continue to diversify exports. 


We model that, by 2020, Russia will stop buying gas from Turkmenistan, making the latter 
overly dependent on exports to China. We believe that Turkmenistan will be able to join 
the Nabucco project (or another similar pipeline project) by 2017 to export its gas to 
Europe by building a TransCaspian pipeline. Thus far, Russia has blocked Turkmenistan’s 
attempts to deliver its gas over the Caspian using arguments over the status of the 
Caspian Sea. Eventually, we believe Turkmenistan will build the pipeline without Russian 
consent. 


Poland and, possibly, Ukraine should develop unconventional gas in Europe 


According to the IEA, Europe has over 620 tcf of recoverable shale gas reserves, with 
France and Poland possessing over 60% of those reserves. 


We share the consensus view that unlike in the US, shale gas in Europe is very unlikely to 
become an important source of energy due to differences in legal frameworks and 
environmental concerns. 


Figure 25: Recoverable Shale Gas Reserves in Europe 
in billion cubic meters, unless otherwise stated 


Source: IEA 


Unlike in North America, shale gas in Europe is located in densely populated areas where 
active drilling and hydro fracturing would not be practical. Moreover, France (which has 
Europe’s second largest shale gas deposit) has not indicated any interest in its active 
development due to the small share of natural gas in the country’s energy mix. 


On the other hand, we believe that Poland will become a large producer of shale gas as 
shale gas production has full governmental support. Poland is heavily dependent on 
Russia (Gazprom supplies 11 bcm out of 15 bcm of Polish consumption) and is therefore 
keen to diversify supply. The Polish government provides full political support for shale gas 
production, and has vowed to block any attempts by the EU to enact legislation on shale 
gas. 


PGNiG (Poland’s gas monopoly) has recently announced the very successful start-up of 
technical production at the Lubocino shale gas concession (flow rates were similar to the 
Marcellus basin), and plans commercial shale gas extraction as soon as 2014. 
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We think that by 2017-18 Poland should be in a position to significantly reduce offtake 
from Gazprom, but will not be able to reach self-sufficiency until after the end of this 
decade. There are obviously infrastructure challenges the country will have to overcome 
(expanding existing pipelines to production areas, for example), but we are confident that 
they will not be an obstacle to shale gas development. 


On the cost side, although it is still early days, we would expect Polish shale gas to be at 
least 50% more expensive than in the US. However, even at $8/mmbtu it will be more 
economical to produce shale gas than to buy Russian gas at $14/mmbtu. 


Ukraine is struggling to cope with Gazprom's high prices and is actively looking for 
alternatives to gas imports from Russia. Ukraine is currently Gazprom’s largest customer 
with annual imports of up to 40 bcm. 


Ukraine also has some of the richest deposits of shale gas in Europe but is currently at 
earlier stages of unconventional gas development. Given full governmental support, we 
expect Ukraine to produce up to 10 bcm of gas from shale and coal-bed methane by 2017. 
We note that Shell, Chevron, Exxon and TNK-BP have expressed interest in exploring for 
unconventional gas in Ukraine. 


Currently, we have modelled some Polish and Ukraine shale gas production in the supply 
model (+12bcm increase in each country over 2010-20E). Failure to develop these 
resources would increase European LNG and Russian gas import requirements. 


Regulatory pressure on gas suppliers will likely intensify 


Gas market liberalisation in the US and the UK has demonstrated significant benefits for 
customers. In these countries, gas transmission and distribution are separated, gas is 
freely traded on several trading platforms and gas distributors compete for customers on 
price. Compared to their peers in continental Europe’s regulated markets, consumers in 
the US and the UK enjoy 40-45% lower gas prices. 


Having observed those benefits, the European Union has consistently pushed for 
liberalisation of the European gas market in recent years. The key ingredient to 
establishing a fully liberalised market is “unbundling”, or the separation of gas supply, 
transmission and distribution. This process already started de-facto in 2009. So far, almost 
all utility companies in Europe have been forced to either sell their transmission 
businesses, or legally separate them from distribution. European countries behind 
schedule are facing lawsuits from the European Commission, as has recently been 
announced. 


Figure 26:Retail gas prices are significantly lower in liberalised markets 
In EUR/kWh, unless otherwise stated 
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European authorities are keen to create a Pan-European gas market through the 
construction of inter-connecting pipelines which will link regional markets. This is 
particularly important for Central and Eastern Europe, where Gazprom remains the 
dominant supplier. The most significant inter-connecting pipeline projects include pipelines 
between Romania and Hungary, Greece and Bulgaria, Austria and Slovenia. 


Coupled with the construction of new LNG regasification terminals (in Italy, UK, Spain, 
France, Germany, Poland, and potentially Croatia, Lithuania and Ukraine), customers 
should have more leverage in the pricing negotiations with the Russian monopoly. On 
paper, regasification capacity in Europe could almost double from current levels of 
130mipa if all projects went launched. 


We expect Europe to continue to rigorously pursue its policy of supply diversification, 
which should put more pressure on traditional suppliers’ pricing structure. We believe that 
the Nabucco project will materialise by 2017, eliminating the reliance of some CEE 
countries on Russian gas. 


To facilitate the further development of the European spot market, we expect the EU to 
incentivise a substantial expansion of gas storage facilities. Gas storage facilities are 
central to the flexibility of the European gas market and further growth of the spot market. 
Therefore, investments in increasing gas storage capacity in Europe will remain critically 
important. Europe’s existing storage capacity is 66bcm and with major projects under 
construction in Austria, Belgium, Bulgaria, Czech Republic, Denmark, France, Germany, 
Hungary, Italy, Latvia, Lithuania, Netherlands, Poland, Portugal, Romania, Serbia, Spain 
and the UK, an extra 59bcm storage capacity is expected to become operational by 2015. 
19bcm of the extra storage capacity will be delivered by the UK alone. 


Oil-linked prices are effectively acting as a ceiling for gas prices in Europe 


We believe that oil-linked prices are effectively acting as a ceiling for gas prices in Europe, 
as traditional oil-indexed gas suppliers (most notably, Gazprom) are ready to significantly 
increase export volumes, should European customers demand more gas at oil-indexed 
prices. Therefore, oil-linked gas from traditional suppliers will tend to be called for only for 
peak demand or only at minimum take-or-pay levels. 


Figure 27: Gazprom's oil linked prices vs European spot prices 
in US$/mmbtu 
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Oil prices have stayed above $100/bb!l despite global macro issues, and Credit Suisse 
remains bullish on oil prices in the medium term. Provided Brent prices remain within our 
mid-term forecast of $105-110/bbl, oil linked gas prices are expected to stay at $14/mmbtu 
($500/mcm) for the same period. This is the first time that gas will be this expensive for 
European customers for such a long period of time. 


Gas is expensive vs coal 


We expect European spot prices to remain in the $9.5-10.5/mmbtu range with temporary 
fluctuations and possibly spikes to oil-linked prices and due to short-term dislocations in 
the market and extreme weather conditions. At this price range, natural gas is broadly 
competitive vs coal, its main substitute in power generation as shown in Figure 31. At 
current spot gas prices of ~$10/mmbtu, it is still cheaper to burn coal than gas. With 
current CO2 and gas price levels, either gas prices need to fall or carbon prices need to 
rise substantially before switching from coal to gas occurs. 


The charts in Figure 28 and Figure 29 illustrate the combinations of commodity and CO2 
prices required for gas-coal switching on the existing power fleet. The red dots represent 
current market prices for gas, coal and CO2. At current CO2 prices of €15/ton, gas prices 
would have to fall to $7/mcf in order to see switching away from coal into gas. 


22 November 2011 


Figure 28: Gas price required to switch from coal to gas Figure 29: Coal price required to switch from coal to gas 
in $/mcf 
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We think the oil indexation of gas prices should be broken as it may lead to 
permanent demand destruction 


The oil-indexation mechanism for long-term gas contracts was created back in the 1970's, 
when gas was used as a Substitute to oil and oil products in power generation and 
residential heating. Since then, the share of gas in power generation and heating has 
grown exponentially, whereas oil as a source of energy in European power generation and 
heating represents less than 5% now. We argue that oil indexation of gas prices has 
therefore lost its economic rationale. 


The traditional gas suppliers are trying to maximise their revenues by maintaining the oil 
link for as long as possible. While this tactic is proving successful in the near term, it may 
lead to permanent demand destruction, in our view. 


After the gasification of Europe was largely completed in 2002-2004, European gas 
demand growth has rapidly decelerated as shown in Figure 31. 
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Figure 30: Natural gas demand growth in Europe, 1960-2008 
Average growth rate, % per year 


1960-2008 1990-2008 2000-2008 


North-West Europe 9.17 2.18 0.58 
South Europe 7.04 6.29 5.95 
Central and Eastern Europe 6.13 1.39 1.00 
OECD Europe 7.90 2.40 2.00 


Source: IEA 


Going forward, based on work by our European Utilities team we believe that European 
gas consumption, depending on the region, will remain lacklustre (weather aside). 
Residential gas demand has demonstrated zero growth adjusted for weather swings, 
being a pure function of population growth. Industrial demand has been declining over the 
past decade due to the rising efficiency of industrial processes and the relocation of 
industrial production out of Europe. 


Only the power generation segment has grown thanks to Europe’s ambition to switch to 
“clean gas fuel”. The tragic accident at the Fukushima nuclear power station, which 
reignited anti-nuclear public opinion in Germany, is expected to push Europe to increase 
gas consumption. 


However, pricing remains a key hurdle. European customers will have to pay $14/mmbtu 
for oil-linked contract gas throughout 2012 as oil prices have averaged around $110/bbl in 
2011. This is unprecedented for Europe, where the average spot price for the last decade 
has been $6.58/mmbtu. 


Natural gas at oil-linked prices is starting to lose its economic attractiveness, since at 
$14/mmbtu gas it is much cheaper to burn coal. Unlike oil, natural gas has a wider range 
of competitive sources of energy. In 2011 we have seen a switch from gas to other energy 
sources, mostly coal, on the back of high gas prices and mild weather. The gas fired 
generation utilisation rate in Germany has been at 30% this year, down from the historical 
level of 55-60%. 


Figure 31: European generation costs 
in EUR/MWAh, unless otherwise stated 
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Faced with the prospect of paying such high prices, Europe may reconsider its emission 
targets as staying “green” becomes prohibitively expensive, or it may well want to turn 
back to nuclear energy. We note that UK Energy Secretary Chris Huhne has insisted 
recently that the British government fully supports the start-up of a new nuclear power 
station in eight years' time. Similarly, the anti-nuclear public opinion in Germany may 
quickly make a U-turn when customers face much higher electricity bills. 


It seems inevitable to us that gas producers will have to agree either to break the oil link, 
or agree to significant reductions in gas prices to maintain gas’ economic attractiveness. 


We believe that spot gas prices will become a more prevalent pricing mechanism in 
Europe as they represent a more economically sensible pricing system and the liquidity of 
European trading hubs is rising. Around 25% of European gas is currently traded at spot 
prices. 


European utilities (e.g. ECON and RWE) — which are currently suffering losses on the oil- 
linked gas volumes bought under minimum take-or-pay clauses — have challenged the 
pricing formula in European international arbitration. We believe they stand a good chance 
of a positive arbitration outcome. We expect to hear news by the middle of 2012 on the 
Stockholm arbitration process, where E.ON and RWE are having a dispute with Gazprom. 
An arbitration decision breaking the oil link would presumably encourage other European 
utilities to follow the same path. European authorities would likely support these efforts 
legally and politically through moves to liberalise gas markets and diversify supply. 


We think gas producers should realise the risk of permanent demand destruction as the 
construction of some new planned gas-fired power plants could be delayed or cancelled. 
To prevent permanent demand destruction due to affordability issues, we think gas 
producers will have to reconsider oil-indexation for long-term gas contracts despite its 40- 
year legacy. 


We therefore expect the oil-linked mechanism to erode further and spot gas indexation for 
traditional suppliers to rise, as the latter will try to protect their market share. It is in gas 
producers’ interests to maintain the economic attractiveness of natural gas given the fixed- 
cost nature of the gas production business. 
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Gas demand in Europe 


The conclusions of our work on gas demand in Europe are the following: 


= Working with our Utilities team, we think power market dynamics suggest 
demand growth in European gas will be subdued in the future. We expect a 
demand CAGR of 0.1% over the period 2010-15E. 


= We do not expect the German nuclear pull-out to have a large positive impact on 
demand in Europe. We see a potential range of 0-8bcm marginal increase in 
demand (i.e. only up to c2% European gas demand by 2020E). 


Demand pattern 


In 2010, Europe’ recorded a historically high level of 424bcm gas demand, following the 
sharp fall in demand in 2009. Forecasting where gas demand will go from there is 
extremely difficult, not least because of its sensitivity to weather patterns. We see two 
ways the future demand level could pan out, and take the average of the two. 


(1) 2011 consumption level falls by 3.8% (CERA forecast) owing to a combination of 
mild weather and slower-than-expected economic growth, (IEA data show that 
OECD European gas demand fell by c7% in Jan-May 2011 compared with 2010), 
but demand comes back to 2008 levels by 2013. 


(2) 2010 sets a new base for growth and consumption grows at a 0.3% CAGR (past 
five years’ average rate) from 2011E. 


Taking an average of the two potential outcomes, we arrive at an equivalent of a 0.1% 10- 
15E CAGR for European gas demand (vs CERA forecast of 0.3% 10-15E CAGR).This 
implies that demand falls by c2% in 2011E but grows back to c427bcm by 2015E, just 
c2.4bcm (0.6%) above the 2010 level. 


Figure 32: European gas demand grows at a 0.1% 10-15E CAGR 
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Source: CERA estimates, Credit Suisse estimates 
Where can we be wrong? 


e Weather could have a strong impact on gas demand (the extremely cold winter in 
2010 helped to create the record demand level). Up to 90% of the monthly gas 
demand changes can be explained by weather patterns; thus weather posts a key 
risk to our estimates. 


e Euro-zone’s economic growth rate is another swing factor in our forecast. 


- Europe: Austria, Belgium, Germany, France, Netherlands, Switzerland, Italy, Spain and the UK. 
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Gas for power generation — Does the German nuclear 
pull-out change the picture? 


Following the Fukushima accident, the German government decided to shut down the 
seven oldest nuclear plants (c.8GW out of a total of 20.4GW) with immediate effect. In 
June 2011, the Parliament voted through an Energy plan phasing out all nuclear power 
plants in the country by 2022. 


Germany is a market of 85bcm gas consumption (2010A), of which 22bcm (c26%) is used 
for power generation. 


Figure 33: German gas consumption (bcm) 
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Source: CERA 


We see two approaches to assessing the potential impact (please see Figure 34 fora 
summary). 


Figure 34: Summary of Credit Suisse scenarios and potential impact on gas demand 


Approach Scenario Additional gas demand 
MW for MW replacement Up to 20 bem 
Green scenario 0 bem 


Replacing for lost generation 


Fossil fuel scenario Up to 8 bem 


Source: Credit Suisse estimates 


e MW for MW replacement approach: This assumes that, as the nuclear plants 
close down (see Figure 35 for German nuclear closure schedule), the name-plate 
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capacity will be replaced. As a rule of thumb, 1GW generation capacity needs 
clbem gas as fuel’. 


e Replacing the lost generation approach: This is our preferred way of looking at 
the issue. We try to derive the necessary replacement figure from demand. We 
also assume that new plants will be more efficient than existing fleet and hence 
need less fuel to generate the same amount of power. 


Figure 35: German nuclear closure schedule 


22 November 2011 


MW 2010A 2011E 2012E 2013E 2014E 2015E 2016E 2017E 2018E 2019E 2020E 2021E 2022E 
Net Capacity 20,452 12,043 12,043 12,043 12,043 10,768 10,768 9,484 9,484 4,034 0 
Annual closure -8,409 (6) (6) O -1,275 0 -1,284 (6) -4,058 -4,034 


Source: RWE Factbook, Credit Suisse estimates 


Using the second approach, we build two scenarios to assess the potential impact. We 
consider the range of possibilities from where there could be no additional gas demand 
under the “Green scenario” to up to c8bcm additional demand by 2020E under the fossil 
fuel scenario. 


Where reality lies will depend on: 

1) political willingness to build renewables; 
2) carbon cost; 

3) fossil fuel cost and; and 

4) level of power demand. 


We also note that economically, the current level of power price does not justify building 
any new capacity (See Figure 38), and the loss of generation capacity following the 
German nuclear pull-out could be an effective way to tighten the market, and generators 
are not obliged to put more plants on line. 


Our two scenarios are: 


= “Green scenario”: Our core assumption is that Germany manages to meet its 
renewables target (of generating 35% power from renewables by 2020) and build 
95GW of renewables capacity *. Under this scenario, the potential additional 
conventional capacity is treated as residual. 


= “Fossil fuel scenario”: Under this scenario, lost generating capacity is offset by 
conventional generation (coal / gas) according to their relative future costs. 


The assumption of demand growth for power we use is a 1.5% rise in overall power 
demand p.a. in the foreseeable future. In light of recently statistics published by network 
Operators (e.g. RTE, Terna) that point to flat demand growth in 2011 vs. 2010, this figure 
carries a certain element of downside risk, in our view. 


A) “Green scenario” — No additional gas necessary 


Under this scenario, the above-mentioned nuclear plants are removed from the merit order 
and replaced by renewables as explained above. The market continues to function 
‘normally’ (once renewables have been called in first) according to the merit order — with 
hydro, nuclear, lignite and coal® plants coming on line before gas°®. 


Assuming a load factor of 75%, thermal efficiency of 57.5% and conversion ratio of 0.09bcm per TWh. 
* Assuming a 25% load factor, we calculate that to cover 35% of the 596TWh demand, Germany would 
need at least 95GW renewables capacity. 

° We use ENTSOE SO&AF 2011-2020 Scenario A data for installed capacity. 

° Load factors: Hydro 65% with Nuclear, lignite and hard coal at 80% 
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Under such assumptions, no new gas plants would be needed to meet the demand. 


Even under the “Green scenario”, we see a few possibilities for additional investment into 
gas-fired plants. 


e High demand: If peak demand is to be >10% above our forecast level, c4GW 
additional capacity would be necessary in 2019E, implying potential upside of 
c3.5bcm in gas demand. 


e Capacity payment: We still cannot rule out the possibility that the government 
may introduce capacity payment to encourage investment into reliable fossil fuel 
plants to help with grid stability, which would cast a different light to the 
economics of investing in power generation. 


B) “Fossil fuel scenario” —- Up to 8bcm additional demand in 2020E 


We estimate the impact of nuclear pull-out could be up to 8bcm additional demand by 
2020 if 100% of the gap is filled by CCGT plants. There are two key steps in that 
calculation: 


1) Determine the generation gap to fill; and 

2) assess the fuel consumption related to that. 
Step 1): Generation gap 

Our key assumptions are as follow: 


e The average nuclear load factor will be 75% as in 2010 (based on 2010 data: 
133TWh generation / 20GW installed capacity) 


e German electricity demand will grow at a 1.5% annual rate from 513TWh in 2010 
to 598TWh in 2020E 


We calculate that: 


e The 8GW loss of nuclear capacity in 2011E (see Figure 35) represents a 10.4% 
(54.1TWh) loss in generation in TWh terms 


e We calculate the implied lost generation — e.g. in 2020, the lost generation gap to 
fill is 62TWh (10.4% of the 598TWh demand) 


e We thus calculate the baseload capacity that needs to be replaced: 


Figure 36: Generation gap to be filled post German nuclear phase-out 


Implied generation by nuclear 2011E 2012E 2013E 2014E 2015E 2016E 2017E 2018E 2019E 2020E 
Implied gap to fill (TWh) 54.1 54.9 55.7 56.6 57.4 58.3 59.2 60.1 61.0 62.0 
Implied gap to fill (MW) 8.26 8.38 8.51 8.64 8.77 8.91 9.04 9.18 9.32 9.47 


Source: Credit Suisse estimates 


Step 2) Fuel consumption: 


In calculating the fuel consumption corresponding to the additional generation capacity, we 
assume: 


e New CCGT plants will have thermal efficiency of 60% 
e Those new plants will have an average of 65% load factor 


Based on these assumptions, we can calculate the following: 
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e If we assume 100% of the above-mentioned capacity gap is to be filled by new 
CCGTs, we reach the upper range of the possible outcome — 8.3bcm’ by 2020E. 


e The actual percentage filled by a gas plant (vs using other plants) would depend 
on the merit order and other economic decisions around investing in power 
generation, which we discuss later. 


e We show a range of possibilities in Figure 37: 


Figure 37: Potential impact of German nuclear pull-out 


bem 2011E 2012E 2013E 2014E 2015E 2016E 2017E 2018E 2019E 2020E 
Increase in fuel consumption if 30% 2.2 2.2 2.3 2.3 2.3 2.4 2.4 2.4 2.5 2.5 
replaced by gas 
Increase in fuel consumption if 70% 5.1 5.2 5.3 5.3 5.4 5.5 5.6 5.7 5.8 5.8 
replaced by gas 
Increase in fuel consumption if 100% 7.3 7.4 7.5 7.6 7.7 7.9 8.0 8.1 8.2 8.4 


replaced by gas 
Source: Credit Suisse estimates 


This approach, albeit simple, ignores two fundamental issues around investing in power 
plants: 


= First, the relative cost of coal vs. gas in the future and after the full future cost of 
carbon is taken into account. At the current stage, Credit Suisse fuel price 
assumptions suggest that coal remains the baseload capacity, although gas plants’ 
load factors increase as the other older coal plants retire. However, this is highly 
dependent on the commodity price developments — more sensitivity around fuel 
switching later. 


= Second, in a scenario where additional capacity would be built with a focus on 
achieving a proper return on investment, we would highlight that, at the current level of 
power prices (<€60/MWh till 2015E), it will not be economically justifiable to build new 
plants. 


In Figure 38 the red line is the real power price for 2015E® while individual columns show 
the new-build cost of various technologies. We note that the figure for nuclear has not 
been updated for the possible increase in capital investment related to the more stringent 
safety rules post Fukushima. 


7 8.3bcm = 9.4*65%*8.76/60%*0.09, using 9.4 as the capacity gap, 65% load factor, 60% thermal efficiency 
and 0.09 conversion ratio. 
8 Based on TTF @ €26.5/MWh; Coal @ €78.9/t, CO2 @ €17.9/t (real), €/$:1.52 in 2015E. 
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Figure 38: Power price not high enough to encourage new build (2015E, real) 
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Source: Credit Suisse estimates 


Sensitivity analysis 

1) Demand growth pattern: 

The level of capacity that needs to be replaced depends on demand growth in Germany, 
and we see some elements of downside risk to our 1.5% p.a. growth assumption given the 


slower-than-expected economic growth rate, and in our view the ambitious energy-saving 
plans. 


However, because we assume that 10% of demand (in TWh) will be filled by new CCGT, a 
1% difference in demand only has a marginal (0.01%) impact on our calculation of new 
installed capacity. 


If we assume 100% of the generation gap is replaced by CCGT, we show some 
sensitivities around demand below: 


Figure 39: Gas consumption in power generation —- Germany — bcm 


Gas consumption - power generation 2011E 2012E 2013E = 2014E =2015E CAGR 

11-15E 
Demand growth by 1.5%° 24.9 27.1 28.2 31.1 30.0 4.8% 
Demand falls by 1.0% 24.6 26.7 27.7 30.4 29.2 4.3% 


Source: Credit Suisse estimates 


2) Gas or coal? Technology used to replace nuclear capacity 


The economic decision over which technology should be used to replace the lost base- 
load nuclear capacity is linked tightly with the merit order (i.e. the order plants are called, 
which is a function of the relative marginal cost). In addition, commodity prices have 
significant implications on the merit order of power markets. According to our model, at 
current commodity prices, running coal plants is still cheaper than running CCGT plants 
(we estimate a marginal cost for hard coal of €41/MWh 2015E vs CCGT at €58/MWh’’). 


° 100% replaced by CCGT. 
* Based on TTF @ €26.5/MWh; Coal @ €78.9/t, CO2 @ €17.9/t (real), €/$:1.52 in 2015E. 
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Figure 40: Merit order in 2015E - CCGT @c€58/MWh, Efficient coal @ c€41/MWh (real) 
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Source: Credit Suisse estimates 


We note that commodity price movements can lead to a switch in merit order and effects 
the economic decision-making for the technology used to fill in the capacity gap. 


We show some conditions where coal/gas switching could occur, using 2015 as an 
example: 


e Assuming gas prices stay at €26.5/MWh ($10.13/mcf) and coal at €79/t (real 
number, as per our model assumption), if CO2 prices rise over €44/MWh by 
2015E 


e If CO2 is to stay at €17.9/ton as we assume for 2015E and gas prices stay at 
€26.5/MWh, but coal prices rise above €123/t 


e If coal and CO2 prices stay at €79/t and €17.9/t, respectively, but gas prices fall to 
€17.5/MWh 


3) Load factor / thermal efficiency 


Load factor (how often a plant runs) and thermal efficiency are crucial to forecasting gas 
demand from power generation — while a rise in the number of hours gas plants run 
increases this fuel demand, an increase in efficiency can bring down gas demand for 
power generation noticeably. 


e Load factor: Demand level is a key driver — we currently assume that demand 
will grow by 1.5% p.a. However, if demand grows slower than our assumption, we 
could see downside risks to the load factors assumed in our model — with a fall in 
demand, some less efficient plant towards the right of the merit order will no 
longer be called, reducing the overall load factor for gas plants. 


e Thermal efficiency: We assume the new CCGTs at 60% efficiency level will 
increase the overall German gas fleet’s efficiency from c47% in 2011E to 53% by 
2015E. We show the sensitivity of German gas demand from power generation to 
thermal efficiency assumptions below. 
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For instance, at the 50% thermal efficiency level, a 5% increase in load factor increases 
gas demand by 2.2bcm. 


Figure 41: 2013E German gas demand from power generation (bcm)** 


60% 65% 70% 75% 80% 
Load factor 

45% Thermal 28.9 31.3 33.7 36.1 38.5 
efficiency 
50% 26.0 28.2 30.3 32.5 34.7 
55% 23.6 25.6 27.5 29.5 31.5 
60% 21.6 23.4 25.2 27.0 28.8 
65% 19.9 21.6 23.3 24.9 26.6 


Source: Credit Suisse estimates 


Gas for power demand - No structural changes in the rest of Europe 


For the rest of the European countries we analyse, we deduct the gas demand for power 
generation by using ENTSOE’s forecast for power generation installed capacity, and 
assume a load factor as of 2010. We assume a blended average of 47% thermal efficiency 
for all markets, growing by 1.5% p.a., to capture the new efficient plants coming on line. 


Figure 42: Gas demand from power generation in Europe’” 
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Source: ENTSOE, Credit Suisse estimates 


Gas consumption — UK: New plants replacing old; greater energy savings 
Power generation 


Electricity demand remains weak, and is c5% below its peak of 332 TWh. We do not 
forecast recovery given that prices are rising, GDP growth remains weak, small-scale 
renewables and micro-generation are picking up and energy efficiency is kicking in. 


™ Assuming fossil fuel scenario, 100% replaced by gas. 
” If 100% generation gap replaced by gas in the fossil fuel scenario. 
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Figure 43: UK electricity consumption (TWh) 
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Source: UK Department for Energy and Climate Change (DECC), Credit Suisse estimates, 


In terms of the generation mix, we note that the UK has just seen c9GW of new, efficient 
CCGTs come on-line. These have high efficiency rates of c52% and have taken market 
share from older CCGTs that consume c10% more energy per unit of output. We believe 
this ‘switch to higher efficiency’ will work to reduce demand for gas over 2011 and 2012. 


We do not see the CO2 floor and coal plant closures having an impact. Longer term, coal 
plant closes down and the CO2 floor will work to reduce load factors. We believe that this 
will slightly increase the market share for CCGTs, but we are already seeing low load 
factors on these old assets. 


Nuclear plant closing would require a gas-fired plant, and this would increase demand. 
However, it remains to be seen whether the first AGR due to retire will be given a life 
extension from 2016. 


Figure 44: Gas consumption for power generation (bcm) Figure 45: CO2 floor mechanism 
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Residential, commercial and industrial 


Further, we believe that residential gas consumption is in sharp decline, again driven by 
customer sensitivity to higher prices (the supply industry raised retail gas prices by an 
average c17% in summer 2011). New connections are minimal. 


Lastly, industrial usage is hard to predict, but the recession pushed industry out of the UK, 
and energy efficiency will also become important. 
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In summary, ignoring short-term gas-to-coal switching, gas demand is declining by c1% 
p.a. 


Figure 46: UK gas demand forecast 
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Russia and Central Asia 
Russian production should grow by 33% until 2020E 


We expect Russian gas production to grow substantially over the next decade driven by 
the development of the new export-oriented Gazprom fields (Yamal and Shtokman), 
growth of oil companies and independent producers’ production (mostly, NOVATEK). We 
expect Russia to produce 880-900bcm by 2020 from 660bcm in 2010. 


We expect NOVATEK to record the highest growth among Russian oil and gas 
companies, producing over 100bcm by 2020E from 37bcm in 2010. The company should 
be able to build and put onstream its LNG project in Yamal and subsequently grow LNG 
production from 15 MTA to 25 MTA on the back of the four new gas fields located near its 
South Tambey field, the licences for which NOVATEK received recently. These four fields 
effectively doubled the reserve base of the project. 


Gazprom will launch its large Bovanenkovo field in the Yamal peninsula, which should 
more than compensate for the production decline at its four core fields in Western Siberia. 
Bovanenkovo should produce around 100bcm by 2016 on our estimates. 


Figure 47: Russian gas production capacities, 2010-20E 
in billion cubic meters, unless otherwise stated 
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Source: Company data, Credit Suisse estimates 


We are sceptical on domestic tariff increases reaching export net-back parity 


The uncertainty on export volumes has forced Gazprom to seek acceleration in the growth 
of domestic tariffs to cross-subsidise the development of new fields, which are much more 
expensive than the existing core fields where production is declining by 3-4% annually. 


In 2006, the Russian government adopted a plan to bring domestic gas tariffs to export 
net-back parity by 2011. In 2006, export net-back parity stood at about $100/mcm given 
that the oil price was at $50/bbl. The plan was put on hold in 2008 owing to the global 
economic crisis and recession in Russia. In 2009, Gazprom suffered a sharp decline in 
export volumes and this led to management seeking to resurrect the original export net- 
back parity plan. The Russian government agreed to a 15% annual increase in 2011-2013 
and 15-18% in 2014-2015 to be able to reach export net-back parity by 2015 (Figure 48). 
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Figure 48: Russian domestic gas tariffs with 15% annual increase schedule for 2012-2014 
in RUB per ‘000 cubic meters, unless otherwise stated 
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Source: Credit Suisse estimates 


With current oil prices of above $110/bbl, export net-back parity stands above $250/mcm 
($7/mmbtu), or almost twice Henry Hub prices. We have suggested previously (see 
Gazprom — Tough times ahead, 23 May 2011) that gas tariff increases would at some 
point start threatening the post-recession economic recovery given the Russian economy’s 
energy inefficiency (as shown in Figure 49 and Figure 50) and its overdependence on gas. 


Our analysis suggests that some of Russia’s gas-intensive industries (nitrogen fertilisers, 
for example) would suffer a problematic squeeze on EBITDA margins as a result of the 
proposed gas tariff increases. 


Figure 49: Power intensity (power consumption-to GDP) Figure 50: Energy intensity analysis 
in millions, unless otherwise stated in toe/US$ ‘000, unless otherwise stated 
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We believe given that natural gas accounts for almost half of the Russian power 
generation fleet (Figure 51 and Figure 52), the most likely implication of gas tariff 
increases would be the growth of the electricity tariffs as this segment of the market is 
almost fully liberalised (Figure 55). 
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Figure 51: Gas is the main primary energy source in 
Russia (2010) 
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Figure 52: Gas dominates the fuel mix of power generation 


in Russia (2010) 
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Since the beginning of the year, electricity prices in the European part of Russia (where 
almost all Russian natural gas is consumed) have increased by almost 20% yoy. 
Uncontrolled growth of electricity prices has become a major concern for the government. 
Both President and Prime Minister indicated that high electricity prices could significantly 
impair the country’s economic recovery. Given the energy inefficiency of the domestic 
economy, this results in many export-oriented industries unable to compete internationally. 


Figure 53: Electricity prices for industrial consumption 
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Figure 54: Electricity prices-to GDP per capita (2010) 
in EUR/MWh/US$ of real GDP, unless otherwise stated 
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Source: World Bank, Eurostat, FTS 


The government turned up the value chain — for 2012, the Russian government decided to 
increase tariffs by just 7.5% yoy. It is widely expected that the 15% tariff growth would be 
resumed after the 2012 election year; however we remain sceptical. In our view, the 
increase in domestic gas tariffs is likely to stall as soon as they approach the critical level 
of $130-140/mcm, as we explain in the report Gazprom — Tough times ahead (23 May 


2011). 
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Figure 55: Liberalised wholesale electricity prices vs. domestic gas price 
in Rbl, unless otherwise stated 
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Source: ATS, Federal Tariff Service, Credit Suisse estimates 


Rising tariffs and improved energy efficiency could lead to flat demand creating 
oversupply 


The increase in domestic tariffs should lead to continued efforts to improve energy 
efficiency and wider use of coal in power generation. As a result, we model that Russian 
gas consumption stays flat through to 2020. 


The combination of growing production and flat demand should lead to significant 
oversupply. In this context, we believe that Gazprom may have to sacrifice a lower-margin 
domestic market for a higher-margin export-oriented one. We estimate that the market 
share of independent producers will grow from 17% to 27% by 2020. 


Figure 56: Russian supply-demand through to 2020E 
in billion cubic meters, unless otherwise stated 
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Liberalisation of Russian gas market looks inevitable 


Gazprom's cost of gas production should increase when the company starts development 
of the new fields — Bovanenkovo and Shtokman. This would likely compel Gazprom to 
increase domestic gas tariffs to export net-back parity, in our view. 


However, we do not think that gas in Russia should be priced at the same level as in 
Europe: First, the Russian gas market is insulated from the European market. Second, the 
share of gas-fired capacities in power generation in the European part of Russia is 
significantly higher than in Europe owing to the legacy of the Soviet economy creating an 
overdependence of the Russian utilities on gas. Third, Gazprom is a monopoly which by 
law owns the country’s pipeline system and controls access to it. 


While Gazprom is legally obliged to provide equal access to all gas producers, most get 
transportation capacities only on a residual basis. As a result, price competition is non- 
existent in Russia as customers are bound to buy gas at regulated tariffs which the 
Russian government sets every year. 


As tariffs keep rising (reaching Henry Hub levels in as early as in 2012, on our estimates), 
industrial customers, especially those that are export-oriented, are being squeezed. This 
year, nitrogen fertilisers producers have already asked the government for a special 
reduced tariff for this industry. 


We believe the current framework is not sustainable and the liberalisation of the gas 
market in Russia looks inevitable. The Russian government could look to reorganise the 
gas industry using the oil industry as an example, in our view. Oil pipelines are owned by 
state-owned Transneft which provides access to all market participants on a non- 
discriminatory basis. 


Similarly, we believe control over the Russian gas pipeline system could be given to a new 
company in which the state could retain 100% ownership. This would allow the state 
control over this strategic industry and secure its further development and maintenance. 


Access to the pipeline system should be provided to Gazprom, independent gas producers 
and oil companies on the basis of contracts with end customers. This would, in our view, 
encourage price competition among producers and should lead to a decrease in prices. 
When British gas monopoly British Gas was broken up and privatised in the 1990s, in the 
decade following, gas prices for residential and industrial customers declined by 10-25% in 
real terms. 


An open access to the pipeline system should boost gas production which would in turn 
lead to an increase in MET payments. Gazprom is currently asking for tax breaks for its 
projects in Yamal and Shtokman, which, given the decline in core fields production in 
Western Siberia, should lead to a decline in tax collections should the government provide 
such tax breaks. With a liberalised market, the Russian government would be able to give 
tax holidays to Gazprom as the overall level of production would be unlikely to fall. 


Russian independent gas producers and oil companies possess vast gas reserves of more 
that 2 ttm which remain undeveloped as the owners struggle to monetise them. They are 
currently forced to sell their gas to Gazprom at depressed prices. 


Gazprom could focus on the export market providing more flexible terms to its international 
and potentially Asian (Chinese) customers. 


The potential decrease in gas prices should stimulate production in Russia and make 
certain export-oriented industries more competitive internationally. 


From a timing perspective, such a reform is possible from 2012 when the majority of the 
long-term gas supply contracts with utilities—concluded a decade ago—uwill be expiring. 
PM Putin has already indicated that the new domestic gas supply contracts should be free 
from take-or-pay provisions which we believe is the first step towards competition between 
gas producers and ultimately the liberalisation of the gas market in Russia. 
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As a side effect, the growth of domestic production will allow Gazprom to reduce and then 
stop purchases of gas from Central Asian republics which would lead to an increase in the 
effective export duty paid by Gazprom to the statutory rate as currently Gazprom re- 
exports the gas from Central Asia without export duties. 


The tax collections from the Russian gas industry are critical for the Russian budget. 
Gazprom is the single largest tax payer in Russia responsible for 12% of all taxes 
collected in Russia. 


Europe is likely to remain the dominant export market for Russia 


The geographical location of Gazprom's gas fields and the existing export infrastructure 
make Europe Gazprom's dominant market. Former Soviet Union countries and Europe 
(including Turkey) account for 95% of Gazprom's export volumes. 


Surprisingly, Gazprom turned out to be over-dependent on Europe. Unlike Qatar that has 
the ability to diversify its export markets because of its location and LNG mobility, 
Gazprom has to rely on pipelines. Its possible export market options are mainly limited to 
Europe and China. 


Figure 57: Russian Federal budget composition (2010) Figure 58: Russian Federal budget taxes split by type 
in millions, unless otherwise stated (2010) 


in RUB billions, unless otherwise stated 
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The liberalisation of the domestic market, which we deem inevitable, will likely force 
Gazprom to focus on higher-margin export markets and it will become important to be able 
to maintain export volumes given the difficulties Gazprom has been facing in Europe over 
the past three years in terms of falling export volumes and contract renegotiations. Given 
that Gazprom contributes 12% of all taxes collected by the Russian federal government, it 
is important for Gazprom to maintain its market share in Europe (see Figure 57 and 
Figure 58). 


Global Gas 53 


AN 


CREDIT SUISSE 


Gazprom and CNPC - Opposing views 


Since 2009, when Gazprom started experiencing volume problems in Europe, it became 
evident that the company would have to diversify its export markets. Gazprom has 
intensified its negotiations with China on gas supply contracts. 


Initially, Gazprom planned to deliver 68bcm to China via the Western and Eastern 
corridors. The Western corridor was to source gas from the core fields in Western Siberia 
via the 30bcm Altay pipeline which Gazprom was planning to build by 2014. The Eastern 
corridor was scheduled to bring up to 38bcm of gas from greenfield gas deposits in 
Yakutia, Eastern Siberia, via a pipeline to be built by 2017. 


Negotiations with China have been going on since 2005 and, according to Gazprom and 
the Russian officials, the parties have agreed on all terms but the price. While it has been 
widely reported in the press that the parties involved were ‘on the verge of signing a 
contract’, we remain sceptical that this will happen soon unless agreement is reached on 
the price. According to Interfax, the difference in price remains $100/mcm (or about 
$3/MMBTU). 


Gazprom's logic is that since the gas to China will be sourced from the same fields from 
which Gazprom supplies gas to Europe (Western Corridor), the Chinese have to accept 
the same oil-linked price formation which Gazprom uses in its long-term contracts with 
Europe. 


The Chinese context is different—the imported gas is predominantly used in China in 
power generation where coal is the dominant energy source. Hence, the price for gas 
should logically be linked to coal and based on the calorific values of these two 
commodities. 


It could take some time for the two parties to come to an agreement. First, China has 
recently adopted an ambitious five-year plan which implies 100% domestic gas production 
growth — both from conventional and unconventional resources. It is important for the 
Chinese government to understand how much gas China will be able to produce and at 
what cost. It is reasonable to assumed that in five years Gazprom’s gas will be exactly 
where it is now — in Siberia — ready to be delivered to China. 


Second, while Gazprom is negotiating the contract, the Chinese have already built a 
30bcm gas pipeline from Turkmenistan. In 2009, Gazprom stopped off-takes from 
Turkmenistan pushing the latter for a price reduction. Turkmenistan, whose budget is 95% 
funded by gas export revenues, realised that it needed to diversify immediately and turned 
to China, which was able to build a 30bcm pipeline from Turkmenistan to China. 


Turkmenistan now delivers gas to the same region which Gazprom was targeting with its 
‘Western corridor’ at a much lower price than Gazprom offered (around $220/mcm at the 
border, based on China customs import statistics data) creating competition for the 
Russian gas monopoly. 


Kazakhstan and Uzbekistan (through which the pipeline is built) are keen to join the 
project in anticipation of Russia reducing purchases from them when its domestic 
production ramps up. 


The decision has been taken recently to build the second stage of pipeline from Central 
Asia to China, increasing overall capacity to 55bcm by 2013. Effectively, gas from Central 
Asia has already replaced the potential gas supply from Russia giving the Chinese a 
negotiation edge. 


On a separate note, we believe that Turkmenistan will diversify further and build a pipeline 
across the Caspian sea to join the pipeline from Azerbaijan to Europe, creating 
competition for Russian gas in Eastern Europe. 
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Russia and Iran are trying to block the construction of the TransCaspian pipeline, 
exploiting the uncertainty surrounding the status of the Caspian sea. However, in our view, 
the TransCaspian pipeline—which will not cross territorial waters other than Turkmenistan 
and Azerbaijan—will be built despite Russian protests as Turkmenistan needs the 
European market to create an alternative to China. 


On the demand side, we believe gas consumption growth in China will be significantly 
lower than that forecast by IEA (volumes triple to 365bcm through to 2025) for reasons of 
affordability. 


Electricity prices in China are regulated and subsidised. On average, customers in China 
pay 8.3 cents/kWh compared with Europeans who pay 20-40 cents/kWh. As stated earlier, 
the base load for Chinese power generation is coal. The growing share of expensive gas 
should inevitably lead to electricity price increases, which suggests that it would be 
unlikely to find demand in some regions of China. We elaborate on this later in the report. 


Figure 59: Gas consumption per capita as of 2010 
Y axis - electricity prices in EUR/kWh, x-axis - GDP per capita in US$ 
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We believe Russia must rethink its pricing policy to 
prevent demand destruction in Europe 


We believe that the next decade will be crucial for Russian gas, as Russia will have to 
rethink its export strategy in Europe and become more flexible in pricing terms to keep its 
market share and the economic appeal of natural gas. 


At the moment Gazprom's oil-linked gas price formula makes its gas the most expensive in 
Europe. As a result, Gazprom's gas moved to the top of the merit order with European 
customers buying as little as possible under take-or-pay terms. 


Given that Gazprom is the single largest contributor to the Russian federal budget (25% of 
the budget is funded by the taxes paid by Gazprom), it is important for Russia that 
Gazprom keeps its export volumes. 


Gazprom management's actions indicate that it is currently trying to maximise revenues, 
and is keen not to break the oil indexation of gas prices in long-term contracts. While this 
approach may appear to be successful near term, this could lead to significant demand 
destruction in the long term. Upon expiry, Gazprom's long-term contracts are unlikely to be 
extended on the same pricing terms (Turkey’s Botas was the first customer that decided 
not to extend a 6bcm contract on expiry in 2012). 


European customers are now challenging the oil link in arbitration and we expect its award 
by H2 2012. We expect that the pressure on Gazprom from the European authorities will 
keep mounting through further implementation of the Third Energy package. 


In the medium term, European customers will be buying minimum contractual volumes 
under take-or-pay obligations. Longer term, Europe may consider a variety of measures 
from reconsidering its nuclear programmes to significantly increasing the share of 
renewable sources of energy. Switching from gas to coal is the most logical solution since 
it is more economical to burn coal at current oil-linked prices. Contrary to Gazprom's 
forecast, we expect that European gas consumption will remain lacklustre, reducing its 
market longer term. Therefore, we believe Gazprom has to embrace a new reality in which 
oil indexation has lost its economic rationale as natural gas is no longer a substitute for oil 
in Europe. 


We expect some change in strategy from Gazprom; however, in the medium term, we 
believe that Gazprom will continue to pursue its policy of temporary discounts in the 
expectation that the tightening market will make oil and gas prices recouple. As we 
forecast a return to gas oversupply after 2015, we believe that this strategy is likely to be 
misplaced. 


Given the fixed-cost nature of the business, it would be economical for Gazprom to agree 
to price cuts while trying to regain lost volumes. Switching to spot would not mean cheap 
prices as we expect European spot to stay within a $9.5-10.5/mmbtu corridor. 
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Asia 
China — Focusing on domestic unconventional gas 


Many gas providers have regarded China as an exceptionally attractive and 
profitable market for gas imports, but China has other plans for meeting its gas 
requirements: Both Russia and multiple LNG projects in Australia have long held the view 
that China will need to commit to significant gas imports in the near future to meet its 
growth needs. However, with larger potential unconventional gas resources than the US 
and a series of pipeline & LNG deals already signed and due to ramp up supply in the next 
few years, China appears to us to be focusing on accelerating the exploitation of its 
domestic unconventional resources in the newly announced 12" 5-year plan. We update 
our supply and demand assumptions for gas in China, running bull demand and bear 
supply cases to test the robustness of our conclusion that foreign gas sellers will have to 
either significantly reduce their price expectations for sales in China or wait to see if 
unconventional gas production growth falters in the Middle Kingdom. In the meantime, a 
new supply source for Asian demand is opening up — North America; in our view, the 
question will be the price North American sellers seek to achieve in Asia, and in the case 
of US projects, the political will to export significant quantities of gas just a few years after 
the US market was struggling with domestic gas self sufficiency. 


Figure 60: Credit Suisse China gas consumption 2005-2020E 
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Figure 61: Technically recoverable shale gas reserves (tcf) - China and Argentina have 
potential 
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China demand: Our revised base case suggests a 10.5% consumption growth 
CAGR in the 12" 5-year plan i.e. 2011-2015. We also forecast out to 2020E, with a 
consumption CAGR of 8.5% in the second half of the decade. Total demand in our base 
case grows from 120bcm in 2010 to 197bcm in 2015E and 297bcm by 2020E. Our model 
assumes that wellhead gas prices continue to rise each year by 8%. 


Figure 62: China residential gas consumption 2005-2020E 
(bcm) 
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Residential demand: 15% CAGR assumed in the 12" 5-year plan: In the residential 
sector, we assume a 15% growth CAGR as distribution reach continues to expand. This 
compares with an 11.8% CAGR in 2006-2010 (off a significantly lower base). In 2016-— 
2020E, we forecast a decrease in the pace of growth to 11.7% (CAGR), as reach begins 
to mature. 
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Figure 63: Residential, commercial & industrial gas consumption 2005-2020E 
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Industrial/commercial demand 13% CAGR forecast in 2011-2015E: Our base case 
assumes that both the industrial and commercial sectors grow 13% annually to 2015E and 
8.9% thereafter. We expect industrial/commercial demand as a percent of residential to 
increase from 4% in 2010 to 6% in 2015E and 8% in 2020E. In addition, we estimate the 
pace to slow along with residential demand growth in 2015-20E. 


Power is the key demand sector: we assume 15% demand growth CAGR to 2015E: 
With gas fired generation representing less than 1% of China’s total installed generational 
base, we believe there is potential for gas fired demand growth; but in our view, there has 
been a reason for the low gas penetration in the power mix thus far, namely price. With 
over 70% of coal fed generation capacity, an estimated input price of US$5/mcf (thermal 
recovery equivalent basis), a powerful coal lobby and political sensitivity to end user 
electricity tariffs, our base case reflects known gas fired capacity additions rather than 
assuming a transformational shift in gas usage for power. This reflects the assumption of 
an 8bcm of capacity additions in 2011-2015; we double this in our 2015-2020 period 
assumption. 
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Figure 64: China gas demand - Credit Suisse base case Figure 65: China gas demand - Credit Suisse bull case vs 
vs NDRC target NDRC target 
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The NDRC is more bullish on consumption growth: Figure 64 shows our base case 
segmented consumption growth forecast vs the stated NDRC forecast of 250bcm 
consumption by 2015 — a 53bcm gap. Our bull case comes close to the NDRC forecast, 
but this case has ambitious CAGR assumptions for all traditional gas segments and a step 
change in the consumption of gas. In our view, as the most price sensitive gas user, power 
users either need a new low cost source of gas or the government has to choose either to 
allow significantly higher generation costs flow to consumers or commercial entities in the 
gas value chain to make significant losses. 


Credit Suisse bull demand case - Step change in power demand for gas: For our bull 
case, we ran 17% CAGR cases for residential, industrial and commercial in 2011—2015E 
and assumed a step change in the national policy to gas-fired power assuming a 36% 
demand CAGR (an additional 28bcm over gas consumption over the 2010 actual). In 
addition to requiring the change in policy, we believe this case would be challenged from a 
physical execution perspective. In 2016—2020E we assumed 12.5% CAGR for residential, 
industrial and commercial and 22% CAGR for power. In our bull case, the total 2015E 
demand would be 242bcm (an incremental 45bcm vs the base case) and 441bcm in 
2020E (+144bcm vs. the base case). 


Supply: Our base case assumes a 16% CAGR to 2015E: Our base case segments 
supply from domestic conventional sources, domestic unconventional gas, pipeline 
imports and LNG. In the case of gas imports, we only recognise ‘firm’ contracts, and do 
not include any “speculative” or non-binding supply points. We believe that by using this 
approach, the base case is relatively conservative but we develop a bear case to test 
supply challenges against our demand scenarios. Our base case total supply increases 
from 115bcm in 2010 to 243bcm by 2015E and 317bcm by the end of the decade. 
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Figure 66: Credit Suisse: Base case China segmented gas supply 2005-2020E 
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Domestic conventional gas supply: 9% CAGR to 2015E: We run our domestic 
conventional gas production forecasts at 9% pa, again using the 8% pa well head gas 
price increase. This is conservative vs. 2006-2010, when domestic conventional 
production recorded a 16% CAGR. In 2016—2020E, we further decline the rate of growth 
to a 5% CAGR. In this case, the total domestic conventional supply rises from 80bcm in 
2010 to 122bcm by 2015E. 


Figure 67: Credit Suisse base case China conventional gas supply 2005-2020E 
(bcm) 
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Source: NBS, China OGP, CEIC, Credit Suisse estimates 


Coal Mine Methane (CMM) - We assume marginal supply growth: China produced 
7bcm of Coal Mine Methane in 2009, but not all of the production was consumed. With a 
lack of distribution infrastructure and distance to markets (from the coal mines) we 
estimate 4bcm was consumed. In our base case we assume CMM available for 
consumption increases by 2bcm pa. 
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Figure 68: Credit Suisse base case China supply: Conventional plus Coal Mine Methane 
2005-2020E 
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Pipeline gas: Supply ramps up in the 12™ 5-year plan: We include supply from 
Turkmenistan, Kazakhstan and Myanmar, and ramp up supply from these three firm 
contracts as follows: Turkmenistan 4bcm in 2010, 10bcm in 2011E and 2012E, 20bcm in 
2013E and 30bcm thereafter; Myanmar 10bcm in 2013E and 12bcm thereafter; and 
Kazakhstan 10bcm from 2015E onwards. We assume the contracts carry a significant take 
or pay requirement (our working assumption is 80%). We do not assume any further 
pipeline contracts in the base case through to 2020E (although negotiations are ongoing 
for numerous pipeline supply points). 


Domestic unconventional gas: Front and centre in the 12 5-year plan: With 
estimates ranging from 26,000bcm to 36,000bcm of recoverable shale gas resources with 
a further 12,000bcm of recoverable Coal Bed Methane (CBM) and 12,000bcm of tight gas, 
and the explosion of unconventional gas production in the US, China has prioritised the 
evaluation and exploitation of its domestic unconventional gas resources in the 12" 5-year 
plan. The drivers are two-fold in our view: first, significantly lower input cost gas vs. the 
next best alternatives (pipeline and/or LNG imports) and improved security of supply. Our 
view is that reasonable CBM production growth will be seen in 2011—2015E, with a more 
significant production gain in the latter part of the decade. We assume that shale gas 
production will be marginally up to 2015E, as the country works to find the most efficient 
commercial recovery methods, and rise steadily in 2015-2020E. Our base case assumes 
total unconventional production to rise from 1.5bcm in 2010 to 12bcm in 2015E and 30bcm 
by 2020E. The new NDRC target for 2015 CBM production alone is 21.5bcm. 
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Figure 69: Credit Suisse base case supply - All except LNG 2005-2020E 
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Source: NBS, China OGP, CEIC, Credit Suisse estimates 


LNG: expensive gas: We add each of the individual contracts signed to date by Chinese 
buyers to arrive at the total for LNG supply into China. We do not assume any further LNG 
contracts in this scenario. We expect that total LNG supplies rise from 12bcm in 2010 to 
28bcm by 2015E and 40bcm by 2020E. 


Figure 70: Credit Suisse: Base case China segmented gas supply 2005-2020E 
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Base case to base case - More than enough gas supply to meet demand growth: 
Combining the supply and demand base cases for gas in China suggests to us a 
significant surplus for the entire 2011—2015E period (+40bcm/yr by 2015E) and a smaller 
surplus all the way out to 2020E (+20bcm/yr in 2020E). Our view is that China’s energy 
planners have already secured enough gas to meet its consumption growth for the next 
plan period, and have decided to focus on domestic unconventional gas exploitation to 
assess how rapidly and to what scale it could be developed in 2015—2020E and beyond. 
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Figure 71: Credit Suisse base case gas supply & demand Figure 72: Credit Suisse base case gas supply & demand 
forecast - to 2015E forecast — to 2020E 
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Base supply to bull consumption case — Short of gas by 2015E: Our bull consumption 
case expects the supply excess to be used by 2015E, and therefore a significantly more 
urgent need to secure further gas going into 2015-2020 in our view — where the shortfall 
would be 120bcm/yr by 2020E, on our numbers. For us it is important to note that the bull 
case is driven not just by ambitious assumptions for consumptive growth in end user 
segments (both residential and commercial/industrial) but also in power, where tariff price 
sensitivity is perceived to be an important from a political perspective. 


Figure 73: Credit Suisse base case supply vs bull case Figure 74: We see a gas ‘deficit’ in 2016-2020E based on 
demand - to 2015E our bull case demand forecast 
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Base consumption/bear supply case: Short of gas in 2018-2020E: Running the base 
consumption with the bear supply case suggests to us that China would be marginally 
covered in 2011—2015E, but short in the second part of the decade and significantly short 
in 2018/19/20E. 
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Figure 75: Credit Suisse bear case supply vs base case Figure 76: Gas ‘deficit’ appears in the latter part of 2016- 
demand - to 2015E 2020E if we take our bear case supply forecast 
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Input cost of gas is crucial: LNG no longer a low cost source of gas: China was 
largely self sufficient in gas supply until 2009/2010, but likely identified the upcoming 
domestic supply shortfall a decade ago. At that time, led by CNOOC, China embarked on 
the negotiation of long-term LNG supply contracts, securing LNG from the North West 
Shelf project in Australia and Tangguh in Indonesia, with contracts agreed in 2002/2003. 
The price terms were highly favourable for the buyer, with price ceilings agreed initially at 
US$25/bbl for crude price linked gas price formulae. On an FOB (Free On Board) basis, 
CNOOC had secured LNG for 25 years, without a price review clause, for around 
US$2.9/mmbtu and a Delivered Ex Ship (DES) basis of around US$3.40/mmbtu. With no 
price risk and little supply risk from Australia, we believe Chinese planners likely 
concluded that LNG was a good long-term, low-cost, low-supply-risk source of gas to 
augment domestic gas production in China. As the balance of the past decade played out, 
this assumption was shown to be inaccurate, as the Asian LNG market moved back into a 
‘Sellers Market’ and LNG price formulae moved towards, and then to, Crude Price Parity, 
as crude prices moved higher. With the shift in nuclear focus in Japan, we conclude that 
Asian LNG prices will continue to be significantly correlated to crude oil for the remainder 
of the decade. If we assume Australian sourced gas is priced at a 90% correlation to crude 
oil (at US$90/bbl — Brent), shipping costs of US$0.5/mmbtu and a further US$1/mmbtu to 
re-gas, then the city-gate price of LNG in Shanghai would be US$14/mmbtu. Our base 
case assumes no further LNG purchases — but we would not be surprised to see selective 
and relatively small scale commitments from China — but related to upstream equity 
ownership, i.e. PetroChina from its investment in Arrow, and possibly Sinopec in a T3 
expansion at PNG LNG. We do not subscribe to the view that China has bottomless 
demand for Asian LNG priced at current Asian price formula levels. 


Pipeline gas: Not cheap either: The primary contracted source for pipeline gas into 
China is Turkmenistan. The supply price, at US$90/bblI crude, is US$5.5 to US$6.2/mcf at 
the Turkmen border according to Izvestia, and a further US$2.4/mcf to transport through 
Kazakhstan/Uzbekistan to the Western Chinese border. Domestic pipeline costs of roughly 
US$4/mcf to transport the gas to Shanghai leaves Turkmen gas with a city-gate arrival 
price of circa US$12/mcf. With gas flowing at these prices into China, it would seem logical 
that further pipeline gas supplies from Central Asia and the Russian Far East would seek a 
similar price realisation from the Chinese buyer. 
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Figure 77: Central Asia pipeline to China - Estimated built up cost 
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China does not need to buy gas now from Russia, in our view: As shown above, our 
scenario analysis suggests that China already has the wherewithal to meet a reasonable 
consumption growth to, and potentially beyond, 2015E given commitments to imports 
already made. Our view is that China is using the 12" 5-year plan to assess the long-term 
potential of shale, CBM and tight gas in China as the preferred incremental gas source in 
the mid and longer term. However, we believe that China may need to buy higher cost 
pipeline and/or LNG in scale, but our working assumption is that it does not feel compelled 
to do so for the next few years (at least). If we are correct, the potential for a firm supply 
agreement between China and Russia in the near term would seem to depend on a supply 
price that would be attractive to the buyer — specifically a price that would be acceptable 
for supply into the power sector. As has been widely reported in the press, expectations of 
the current pricing level being sought by Russia would likely exceed this level, and for this 
reason we continue to believe China does not feel compelled to agree to a pipeline deal in 
the near term. 


NA LNG projects - Will they break the Asian LNG price mould? The shale gas 
revolution in the US has significantly changed gas planning in North America — with a 
number of import terminals now looking for, and gaining, approval to export domestically 
produced gas as LNG. Thus far, the two major potential supply points to Asia are the 
Canadian Pacific Coast, with the Kitimat LNG terminal under development, and the US 
Gulf Coast, with both Cheniere Energy’s Sabine Pass facility in Louisiana actively 
marketing export LNG quantities along with Freeport LNG in Texas. Built up costs, timing 
and political sensitivity support the Canadian opportunities over the US propositions, in our 
view. If shale gas from Horn River lifts and transports to the coast for circa US$6/mcf 
(inclusive of a 15 to 20% upstream return to capital), liquefaction costs of $3.5/mcf and 
shipping costs (7-day 1-way trip from British Colombia to Shanghai) of US$1.5/mcf along 
with re-gas costs of US$1/mcf suggest to us a Canadian supplied DES Shanghai price of 
US$11/mcf (potential city-gate price in Shanghai of US$12/mcf), which is still lower than 
Asian priced LNG and similar to Central Asia/Russian sourced pipeline gas. In this built up 
example, we use what we consider to be conservative US$3.5/mmbtu liquefaction cost 
and would expect that actual capex, once confirmed, would reduce this estimate. The 
question is whether the project developers at Kitimat (Apache, EOG and Encana) are 
willing to supply gas at normal upstream returns or whether they seek to achieve similar 
price realisations as Asian LNG sellers, i.e. US$14/mcf DES Shanghai. Our view is that 
the developers of Kitimat will seek Asian style price realisations, while improving flexibility 
terms to Asian buyers to incentivise purchase. 
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For the US-based projects on the Gulf Coast, the Panama Canal expansion, due to be 
completed in 2014, is critical to targeting Asian supply. Currently the Canal can 
accommodate less than 20% of the global LNG fleet — post widening, this increases to 
80%+. If we assume Henry Hub is US$5/mcf in 2015, liquefaction is US$1.3/mcf 
(assuming a reasonable return collected by the liquefaction owner), shipping is 
US$2.7/mcf and re-gas costs are US$1/mcf, then we expect US Gulf Coast sourced LNG 
could price DES in Shanghai at circa US$9/mcf (US$10/mcf city-gate after re-gas). 
Aggregation of the gas from reserve to the DES flange point will be an important element 
of the potential development of NA LNG supplying Asia, as will domestic political will in the 
US to allow gas to be exported on a long-term and significant scale basis (at the moment 
gas can only be sold to countries that have an FTA agreement with the US — although 
there are proposals to widen the ability to export to other countries). The drive to create 
gas export points from North America should be attractive to Asian buyers, in our view, 
including the Chinese — who will likely view the export of ‘equity’ gas from North America 
to Asia at prices significantly below traditional Asian LNG or currently prevailing Central 
Asia pipeline prices as an opportunity worth supporting and developing. 


Asian LNG buyers traditionally want reserves certainty for long-term supply 
contracts: The Asian LNG trade was built by Japanese buyers who value supply reliability 
ahead of price, and thus far have always insisted on reserves certainty for long-term 100% 
take or pay contracts. The challenge for NA ‘sellers’ of LNG to Asian buyers will likely be 
to provide the confidence necessary that supply can be met for the long term. In the case 
of Kitimat Kogas, the monopoly LNG buyer in Korea bought into upstream gas reserves in 
Horn River specifically to ensure supply through the proposed Kitimat LNG facility. 


Figure 78: Multiple gas supply points to Shanghai - Estimated built up costs (based on Credit Suisse macro 
assumptions and $100k/d LNG tanker rate) 
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China has multiple supply options to augment domestic conventional production: 
We believe that China has already secured enough gas to meet its reasonable 
consumption growth out to 2015, and beyond. It has a number of ‘Next Best Alternatives’ 
(‘NBAs’) supply points for additional gas including pipeline gas from its Western 
neighbours, ‘traditional’ Asian LNG suppliers and the potential for North America to 
become a new supply source. However, with abundant domestic unconventional gas 
resources, which if they mirror all-up production costs in the US would provide a 
significantly lower cost source of future gas supply to those NBAs and be a significant 
improvement from an energy security of supply perspective, it would seem logical that 
China use the 12" 5-year plan period to assess the actual commercial viability of domestic 
unconventional gas exploitation and avoid significant further commitments to import gas. 
Estimates for Coal Bed Methane all-up well head production costs of $3—5/mcf with 
significantly lower transportation costs vs. imported pipeline gas suggest city-gate prices in 
Shanghai of US$5-—7/mcf, compelling from both an input cost and security of supply 
perspective. 


Figure 79: Comparative built up supply costs of gas into Shanghai (using Credit Suisse 
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US and China agree on unconventional gas development: At the political level, the US 
has supported China’s focus on domestic unconventional gas development for simple 
geopolitical reasons — if China can follow the US toward continued gas self sufficiency it 
removes a Significant demand source for gas to be developed by Russia, Iran and 
Venezuela. In November 2009, the two parties signed the US-China Shale Gas Resource 
Initiative and US entities like Chevron, Exxon and Conoco appear keen to work with 
PetroChina, CNOOC and Sinopec, which are all now fully committed to accelerating 
domestic unconventional gas exploitation. What has not yet been seen is the arrival of US- 
shale-focused independent players like Chesapeake, which we believe led the shale gas 
revolution rather than the US super-majors. 


Chinese super-majors now focused on domestic unconventional gas, in our view: 
PetroChina is the leader in domestic unconventional gas, with significant upstream 
positions and the majority of the primary pipeline distribution network. Part of the rationale 
for the Arrow acquisition was to acquire unconventional gas expertise, as was the 
proposed Encana deal in China that did not happen. CNOOC, after nearly 30 years of 
offshore-only-focus has now moved onshore, taking a 51% stake in CUCBM (China United 
Coal Bed Methane) and farming into two Chesapeake shale oil/gas assets in the US. 
Sinopec was recently awarded one of the first shale blocks for exploration and, at a recent 
results meeting, its Chairman (Fu Chengyu) highlighted shale gas as the primary driver for 
long-term upstream growth. 
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Independents in the Chinese Coal Bed Methane space: China has awarded 24 CBM 
PSCs, mainly in the early/mid 2000s, when CBM was not a core focus. Some progress 
has been made to date but a number of the independent operators in China such as 
Green Dragon Gas, AAGI (Asian American Gas Inc), Sino Oil & Gas and Sino Gas & 
Energy are moving toward production ramp up from CBM plays in the next 12-24 months. 
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India: Demand is price sensitive 


India’s domestic gas production story was recently derailed with the production 
downgrades at the D6 field. RIL (operator) has sold a 30% stake in the field to BP and is 
relying on BP’s technical expertise to increase production; however, we believe any upside 
potential is a few years away. India’s domestic gas consumption can still grow in the near 
term, but material upside potential now depends on higher LNG consumption - which is 
price sensitive. Given expectations of sustained, strong economic growth and material 
energy deficits, India could potentially import large amounts of natural gas, if these were 
available at low prices (relative to base load power tariffs). At higher prices, the LNG 
consumption dynamic shifts to replacement of oil demand, which though strong by itself, 
would represent lower import potential. If spot LNG prices increase from US$8 to 
US$12/mmbtu, we estimate that LNG demand in FY15E can come down from 40bcm to 
28bcm. With India’s current LNG re-gas capacity operating at almost full utilisation and 
material capacity upgrades coming only post FY14E (CY13E), supply could remain a 
constraint in the near term. 


Domestic gas volumes can still grow 


An excess of D6 gas was expected for the Indian gas market, removing other issues and 
assuring volume growth for intermediaries and customers. With that not happening (at 
least near term), uncertainties in other supply sources come to the fore, negatively 
affecting growth expectations at most related gas stocks. Total gas availability in India 
could grow, in our view, if a) D6 decline rates moderated (to which RIL is currently guiding), 
b) ONGC’s rejuvenation programme and marginal field projects perform as forecast, c) 
PMT does not drop off significantly and d) spot LNG prices do not increase further. We 
believe total natural gas availability in India could then grow c.30mmscmd between FY11 
to FY14E. We note this volume growth estimate is ‘un-risked’ and based on multiple 
assumptions, but also highlight that the market is currently expecting no growth.. 


Little good news out of KG D6 


Even though RIL will likely drill 5 new wells in D1/D3 (3 have already been drilled), these 
will not be completed for some time — as RIL wants to optimise costs. BP, at its conference 
call, hoped to bring its technical expertise to the asset, but suggested the field was not a 
“quick fix”. Niko Resources has also downgraded total gas reserve estimates, a bulk of 
which is likely to have come from D6. Yet RIL suggested the field has stabilised, and that 
decline rates hereon are unlikely to be as sharp as those experienced in 2010. We had 
reduced our KG D6 gas volume forecasts in response, and now have production declining 
over the next three years. Technical difficulties at KG D6 create material uncertainty on 
total domestic gas availability in India. 
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Figure 80: KG-D6 gas production profile 


90 
80 
70 
60 
50 
40 
30 
20 
10 


KG D6 gas production (mmscmd) 


Source: Company data, Credit Suisse estimates 
ONGC output should increase 


Countering declines at D6, we expect total ONGC gas output should increase over the 
next 3-4 years, as a result of the large capex incurred by the company through its second 
rejuvenation programme. New output at the C-series marginal fields and the Bassien field 
redevelopment programme should underpin ONGC’s gas volume growth. On our 
projectwise model, we expect ONGC’s gas output to increase from 63mmscmd in FY11 to 
78mmscmd by FY14E. 


Figure 81: ONGC domestic gas production profile 
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PMT output at risk to regulatory slow down 


The Panna Mukta and Tapti (PMT) gas fields formed 9% of total Indian gas supplies in 
FY11; and after increasing output through FY08/09, are in decline. We understand the 
consortium (BG, operator, 30%, ONGC, 40% and RIL 30%) have proposed an 8-well 
exploratory programme (to increase gas output) as well as a $1.65bn water injection 
project (39 producers and 22 injectors). The latter is most likely aimed at increasing oil 
recovery, but gas output could also rise as a result. 
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LNG supplies have limited headroom 


LNG imports into India have increased significantly as a result of declining domestic “NG imports into India have 
production. The largest - PLNG’s Dahej terminal (LOMTPA capacity) operated at 8.5MTPA _ increased significantly as a 
in FY11, but 1QFY12 run rates of 10.5MTPA suggest to us that there is little spare — result of declining domestic 
capacity. While detailed data are unavailable, we estimate Shell’s Hazira terminal (3MTPA — production 

capacity) shipped 1.5MTPA in FY11 and operated at 2.3MTPA run rates in 1QFY12E — 

implying headroom for volume growth to the extent of c.3mmscmd. 


Near-term LNG capacity supply is also dependant on the outcome of the Dabhol LNG 
terminal. While the terminal is mechanically complete (SMTPA capacity), the shipping 
channel still needs to be dredged, which could take up to 5 months. Without the 
breakwater (which will likely take three years, work on which has not started), the terminal 
will operate at only a fraction of its capacity. The timing of first cargo at Dabhol, and the 
effective operating rates it is able to achieve initially are key uncertainties to near-term 
LNG imports to India. 


Completion of the Kochi terminal in FY13-14 will also increase aggregate capacity. 
Completion of the Dabhol — Bangalore and the Kochi — Bangalore pipeline by December 
2012 (current GAIL expectations) would connect the terminal to demand outside Kochi 
and potentially as north as the Mumbai — Uran region. 


The lack of domestic supplies has increased interest in more LNG terminal capacity, with 

PLNG, IOCL, GSPC (and associates) and others evaluating green-field projects. Though 

positive in the longer run, we do not expect these will impact volumes over the next 2-3 

years. Increasing interest in LNG FSRU (Floating Storage and Regasification Units) could 

lead to some increase in imports in a few years although no such project has been Ve expect LNG Import 
confirmed as yet. capacity to increase from 


13MTPA in FY11 to 
We expect LNG import capacity to increase from 13MTPA in FY11 to 18MTPA by FY15E, igi PA by FYI5E 


and total LNG imports (with spot cargoes at $12/mmbtu delivered) to increase from 
9.4MTPA in FY11 to 18MTPA by FY15E. 


Figure 82: India’s LNG terminal capacity can potentially increase from 13MTPA in FY11 
to 32MTPA by FY17E 


mmscmd 
35 


30 


25 


20 


15 


10 


FY06 FYO7 FY08 -FY09 FY10 -FY11 FY12 -FY13 -FY14 FY15 FY16~ = FY17 


G PLNG Dahej m Shell Hazira fj LNG - Dabhol |] LNG - Ennore — PLNG Kochi @ LNG - Mundra 


Source: Company data, Credit Suisse estimates 


LNG import constrained by capacity 


The recent strength in Indian LNG imports (despite increasing spot prices) has surprised, 
having being led by consumption at refineries. Refineries, with limited capacity addition, 
and city gas, with low specific gas consumption are unlikely to drive medium-term demand 
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in our view. Consumption of gas at power plants can potentially be large, but is dependant 
on LNG costs. Power tariffs in India do not support current spot LNG. The significant 
increase in Qatar take or pay contract prices (and any consequent pooling of prices), when 
combined with any increase in prices of domestic gas, can materially impact gas volumes 
(specifically LT LNG volumes) consumed at power plants, in our view. This will affect 
utilisation of import terminals and gas pipelines. In the near term, however, we see little 
risk of this. On our India gas model, we see terminal utilisation remaining at c.100% until 
FY14E as long as spot LNG prices (delivered) are less than $12-13/mmbtu. The addition 
of new import capacity and any increase in D6 gas volumes could affect utilisation 
subsequently. 


Few sectors can afford high cost LNG 


The decline in KG-D6 gas production (from 59mmscmd in 1QFY11 to 49mmscmd in 
1QFY12) has led to increased LNG consumption, despite increasing import costs. PLNG’s 
run rate volume increased from 28mscmd in LQFY11 to 39mmscmd in 1QFY12. Current 
D6 production is just sufficient to meet the priority sector allocations made by the 
government. The unmet demand, wherever feasible, has moved to LNG, benefitting PLNG 
earnings. 


However, gas costs remain material in switching from c.US$6/mmbtu domestic gas to 
c.US$12-14/mmbtu LNG (delivered to customers), we believe. The recent increase in LNG 
imports has been led by refiners that urgently need domestic gas and CGD sectors (which 
has not received sufficient gas under government allocations) for which high cost imported 
LNG is still inexpensive compared with oil. Further increases in LNG demand for refining 
are now dependent on pipeline connectivity and commissioning of new refineries and are 
not expected to grow rapidly. We expect the BPCL Bina and HPCL Bhatinda refineries to 
add to refinery gas demand in FY12-13E. At US$12/mmbtu LNG, we expect LNG demand 
for refiners to grow modestly from 9mmscmd in FY12 to 14mmscmd in FY15E. Similarly 
we believe that there is little existing unmet LNG demand in the CGD sector, with future 
LNG demand being dependent on rolling out of new city networks and demand growth in 
existing CGDs. The total quantum, however, will likely remain modest for the next few 
years — due to the relatively small size of individual CGD gas consumption. 


We believe power sector demand will be critical to LNG volume growth. Power demand for 
gas, is however, most sensitive to prices — as gas has to be inexpensive relative to 
prevalent power tariffs (still mostly based off cheap coal) and not oil. LNG is more likely to 
be used for peaking power — on a merchant basis; but this demand will be seasonal, and 
will move with power shortages in India. 


We estimate that LNG prices of US$8.6/mmbtu (FOB) translate into variable power cost of 
Rs3.5/unit (estimated cut off for merchant power prices in normal season), while 
US$12.8/mmbtu (FOB) LNG is equivalent to Rs5/unit variable power cost (estimated cut 
off during peak load season) (see Figure 84). We estimate LNG demand to be 
c.17mmscmd for the power sector in FY15E for US$12/mmbtu gas, however, this demand 
could be as high as c.50mmscmd for US$8/mmbtu LNG price. 


Indian LNG consumption sensitive to pricing 


Our India LNG consumption model links a) domestic gas field output, b) gas consuming 
capacities (those that currently use gas, and those that could potentially convert), c) 
pipeline capacity growth and d) LNG import prices. In the near term, increasing pipeline 
connectivity and modest growth in domestic supply (if ONGC output increases as 
expected) mean LNG demand should continue to grow (faster if LNG is inexpensive). 
Actual consumption will be constrained by import capacity. 
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Figure 83: Sectorwise LNG demand forecasts — at US$12/mmbtu 


22 November 2011 


FY12E FY13E FY14E FY15E FY16E FY17E 
Fertilizer mmscmd 0) 2 6 - - - 
Power mmscmd 10 17 17 17 12 9 
Refiners mmscmd 9 7 7 14 14 14 
LPG mmscmd - - - - - - 
CGD mmscmd 12 11 9 13 17 22 
Others mmscmd 21 23 25 28 31 34 
Total demand mmscmd 53 64 72 rae 80 85 
Actual consumption mmscmd 49 52 63 67 80 85 
Source: Credit Suisse estimates 
Figure 84: Energy equivalent LNG FOB prices for various power prices (current) 

Variable cost of power Energy equivalent implied LNG price 
Rs/unit (Rs per KW hr) US$/mmbtu 

Base load power 2.5 5.8 
Merchant power 3.5 8.6 
Merchant power (during peak load season of 4 months) 5.0 12.8 
Source: Company data, Credit Suisse estimates 
Figure 85: Sectorwise LNG demand forecasts — at US$8/mmbtu 

FY12E FY13E FY14E FY15E FY16E FY17E 
Fertilizer mmscmd 0 2 6 - - - 
Power mmscmd 31 51 51 50 36 28 
Refiners mmscmd 9 7 7 14 14 14 
LPG mmscmd - - - - - - 
CGD mmscmd 12 11 9 13 17 22 
Others mmscmd 21 23 25 28 31 34 
Total demand mmscmd 73 98 106 110 103 103 
Actual consumption mmscmd 49 52 63 67 95 103 


Source: Credit Suisse estimates 
Capacity could become a constraint near term 


India has two operating LNG re-gasification facilities — the LOMTPA PLNG Dahgj terminal 
and the 3MTPA Shell Hazira terminal. In L1QFY12, the Dahej terminal operated at more 
than 100% capacity utilisation, while we estimate Hazira’s operating rate was c.75-80% 
(there is no published data for this and government numbers are not always reliable). We 
expect India’s LNG import capacity to increase moderately from the current 13MTPA to 
18MTPA by FY15E, while we expect LNG demand to increase by c.44mmscmd 
(c.12MTPA at US$12/mmbtu LNG price) over the same period (FY11—15E). We expect 
LNG import capacities to operate at a c.100% utilisation rate till FY15E, easing thereafter 
once Dabhol, Kochi and Mundra LNG terminals become fully operational. However, we 
note that high LNG cost (c.US$15/mmbtu) can affect operating rates and can keep them 
below 80%. 
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In 1QFY12, Dahej terminal 
operated at more than 100% 
capacity utilisation, while we 
estimate Hazira’s operating 
rate to be c.75-80% 


74 


AN 


CREDIT SUISSE 


Figure 86: India’s LNG import capacity 


22 November 2011 


FYO6 FYO7 FY08 FY09 FY10 FY11 |FY12E FY13E FY14E FY15E FY16E FY17E 

LNG port capacity 
PLNG Dahej MTPA 5.0 5.0 6.5 6.5 9.0 10.0 10.0 10.0 10.5 11.5 11.5 11.5 
Shell Hazira MTPA 2.5 3.0 3.0 3.0 3.0 3.0 3.0 3.0 3.0 3.0 3.0 3.0 
LNG - Dabhol MTPA - 1.0 1.0 1.0 5.0 5.0 
LNG - Ennore MTPA 1.0 2.5 
PLNG Kochi MTPA 2.5 2.5 5.0 5.0 
LNG - Mundra MTPA 5.0 
Total MTPA 12.0 13.0 13.0 14.0 17.0 18.0 25.5 32.0 
Total mmscemd 44.7 48.5 48.5 52.2 63.4 67.2 95.2 119.4 
Source: Company data, Credit Suisse estimates 
Figure 87: India estimated LNG import capacity utilisation for various LNG prices 
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Japan - Expect only modest LNG tightening 
Gas demand forecasts prior to the earthquake 


Before we consider the outlook for future gas demand, we believe it is important to Weighting for gas as 
understand the outlook prior to the 2011 March earthquake. Primary energy consumption — primary energy source: 19% 
in Japan totalled 560mn kiloliters of crude oil equivalent in FY3/09, broken down as 42% 

for oil, 23% for coal, 19% for natural gas, 10% for nuclear power and 3% each for new 

energy sources and hydropower. 


Long-term supply-demand forecasts announced by the Japanese Institute of Energy 
Economics (IEEJ) in August 2009 were built around three scenarios: one in which new 
technologies aimed at reducing greenhouse gas emissions were used to their full extent; 
one based on the extension of current technologies; and one which did not anticipate the 
introduction of any new technologies. These scenarios anticipated weightings for natural 
gas as a primary energy source of 18%, 17%, and 16%, respectively, in 2020. 


Converted into the equivalent of crude oil, natural gas consumption in FY3/09 was 104mn 
kiloliters. Natural gas consumption in 2020 was expected by the IEEJ to be 89mn kiloliters 
in the first scenario, 103mn in the second, and 114mn in the third. As such, the outlook 
was for gas consumption to decline relative to the FY3/09 level by 14% in the first and 1% 
in the second scenario, and to rise by 10% in the third. In LNG, the three scenarios 
anticipated consumption volume of 58.6mn, 67.45mn and 74.95mn tonnes, respectively, 
after 68.14mn tonnes in FY3/09. 


The weighting for natural gas used in power generation in 2009 was 29%, but the three 
scenarios anticipated 2020 weightings of 22%, 26% and 28%, respectively. Relative to 
gas-based power generation of 281TWh in 2009, the projections anticipated 2020 
weightings of 231TWh (—18% versus the 2009 level), 309TWh (+10%) and 359TWh 
(+28%). 


Based on the above, the IEEJ’s outlook was for natural gas consumption to decline in all © Outlook was for natural gas 
but the scenario that anticipated no progress with new technologies. The energy source demand to decline 

that was expected to play the greatest role in the decline of gas, however, was nuclear 

power. With further progress for nuclear facing strong headwinds, we explore changes in 

the outlook for gas demand as below. 


Figure 88: Primary energy supply trends Figure 89: Breakdown of energy used in electrical power 
generation 
wOil gLPG mCoal mNaturalGas Nuclear m Hydro @ Geothermal ™ Renewable Energy & Others 
(mn KL oil TWh @Hydro mCoal LNG mOil © Nuclear m Renewable Energy & Others 
equivalent) 1,200: ====]======5== 2444525425854 2 52224455 45=5 
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Gas demand forecasts following the earthquake 


Among demand forecasts prior to the earthquake, in the scenario based on new — How)has the nuclear 
technologies being implemented to the greatest possible extent, the main factor expected accident affected gas 
to drive a decline in demand for gas was the assumption that growth for nuclear power demand? 

would lead to a decline in demand for gas for use in power generation. The accident at 

Fukushima Daiichi has not only complicated plans for nine new nuclear power stations 

expected to come online by 2020, it has raised doubts as to the continuation of operations 

at existing nuclear plants. 


Currently, LNG-fired power is the primary replacement for nuclear power that has been 
lost. Tokyo Electric Power’s LNG consumption volume for April-June 2011 rose 21% YoY 
to 5.29mn tonnes. Our near-term forecast does not anticipate the resumption of operations 
at nuclear plants that have been shut down, while it does assume that plants still in 
operation face regular inspections once every 13 months. Under these circumstances, we 
believe demand for natural gas as an alternative to nuclear power will continue to rise. 


In our view, the key for the medium term is the extent to which demand for natural gas will © New demand forecasts 
rise over the medium term, the percentage of this demand that is not already covered — under three scenarios 
under long-term agreements, and how gas will be procured. We consider natural gas 

demand under three scenarios. In the first, no nuclear plants are restarted and no new 

facilities are permitted. In the second, older reactors are decommissioned and no new 

facilities are permitted. In the third, power stations offline now are gradually restarted from 

2012, and plans for new plants progress as planned. Our forecasts assume a nuclear 

capacity ratio of 60% and our outlook for gas sales volumes are based on each city gas 

company’s supply outlooks. 


Figure 90: Natural gas demand under our three scenarios 
No nuclear plants are restarted and no new are constructed 
Gas-fired power become baseload — Operating rate 75% 
Scenario 2 
Older (>30 years) plants are abolished and no new are constructed 
Gas-fired power replace loss of nuclear power (Max operating rate 75%) 
Scenario 3 
All nuclear power plants are restarted except Fukushima Daiichi and Daini, new are permitted 
Gas-fired power replace loss of nuclear power 


Source: Credit Suisse estimates 


Gas-fired power supply set 
to rise from 60GW to 75GW 


The supply of gas for gas-fired power generation is limited, so our forecasts do not in FY3/21 


assume that gas-fired power will replace all nuclear power that has been lost. As such, 
before considering the scenarios, we need to understand where gas-fired power 
generation is today and what plans have been made to increase capacity. Figure 91 is an 
overview of firms’ plans to increase supply capacity. Where gas-fired power generation 
totalled around 60GW at end-FY3/11, we believe this will rise to 67GW in FY3/16E and 
75GW in FY3/21E. 
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Figure 91: Plans for new gas-fired power generation facilities 


Capacity Capacity 
Plant Name Fuel (MW) Operation Start Plant Name Fuel (MW) Operation Start 
Hokkaido Electric Power Hokuriku Electric Power 
500 On and After FY2021 Toyama Shinko LNG 400 FY2018 
Toyama Shinko LNG 500 FY2018 (Add LNG) 
Sendai No.4 LNG 446 Jul. 2010 Kansai Electric Power 
Niigata Series 5 LNG 109 Jul. 2011 Himeji Daini No.1 LNG 487 Oct. 2013 
Shin Sendai Series 3 LNG 980 Jul. 2016, Jul. 2017 Himeji Daini No.2 LNG 487 Oct. 2013 - Oct. 2015 
Joetsu Series 3 LNG 1,440 FY2023 Himeji Daini No.3 LNG 487 Oct. 2013 - Oct. 2015 
Himeji Daini No.4 LNG 487 Oct. 2013 - Oct. 2015 
Chiba Gas Turbine LNG 990 On and After Sep. 2011 Himeji Daini No.5 LNG 487 Oct. 2013 - Oct. 2015 
Kashima Gas Turbine LNG 800 Jul. 2012 Himeji Daini No.6 LNG 487 Oct. 2015 
Kawasaki Series 2 No.1 LNG 500 Feb. 2013 Wakayama LNG 3,700 Onand After FY2021 
Kawasaki Series 2 No.2 LNG 710—-FY2016 
Kawasaki Series 2 No.3 LNG 710 FY2017 Sakaide No.2 LNG 280 Nov. 2016 
Goi Series 1 LNG _2,130__ On and After FY2020 
Shin Oita Series 3 LNG 400__Jul. 2016 
Joetsu Series 1 LNG 1,190 Jul. 2012, Jan. 2013 
Joetsu Series 2 LNG 1,190 Jul. 2013, May 2014 Yoshinoura No.1 LNG 251 Nov. 2012 
Nishi Nagoya Series 7 LNG 2,200 FY2019 Yoshinoura No.2 LNG 251 May 2013 
Yoshinoura No.3 LNG 251 May 2016 


Source: Company data 


Figure 92: Gas-fired power generation 
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Scenario (1): No restart for any nuclear power plants 


In the event there is no restart for any of the nuclear power plants, we would expect gas- _—_—-Use of gas-fired thermal 
fired thermal power to be used for base-load power generation, as against its current use = power for base-load power 
in middle-load power generation. Assuming the output of Japan’s gas-fired thermal power = generation 

plants is around 60GW, and that pre-earthquake capacity utilisation was about 50%, and 

that required for base-load power generation is 75%, then elevation to this position would 

likely see an extra 15GW of power produced. If none of the nuclear power plants is 

returned to service, then at a nuclear capacity factor of 60%, we estimate 29GW of the 

nation’s nuclear power generation capacity would be lost, down from a total of 49GW. We 

also estimate that gas-fired thermal power generation would be used to make up for one- 

half of this shortfall. 
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Assuming a utilisation rate of 75%, we would expect gas-fired thermal power to produce Expect gas demand in 
415TWh of electricity in FY12E, with gas consumption of 60.3mn tons. This would 20205 io be 46% higher 
represent a 45% increase from FY10, when the equivalent figures were 287TWh and _ than in 2010 

41.7mn tons. Add to this the gas needs of the city gas companies, and we calculate that 

Japan’s total LNG demand would increase from 70.1mn tons in FY10 to 88.8mn tons in 

2012E (+27%) and 102mn tons in 2020E (+46%). 


Scenario (2): Older reactors are scrapped, no new reactors constructed 


In this scenario, we define ‘older reactors’ as those which were brought into operation As of 2012, 21 of Japan’s 54 
more than 30 years ago. As of 2012, 21 of the country’s 54 nuclear power reactors will = nuclear power reactors will 
have been brought on stream more than 30 years earlier, amounting to 16GW of the have been brought on 
nuclear power sector’s total output of 49GW. Thus reactors fitting this description would stream more than 30 years 
account for 39% of all nuclear power reactors and 33% of total output. This scenario — earlier 

assumes that reactors will be progressively decommissioned once they pass the 30-year 

mark. Assumptions for utilisation of remaining power station is 60%. In 2012 the 

Fukushima Daini Nuclear Power Plant will still be short of 30 years, but given the 

circumstances, we assume it will be shut down and do not factor in future power 

generation. 


Under this scenario, we would expect gas-fired thermal power to produce 387TWh of Expect gas demand in 
electricity in FY12E, with gas consumption of 56.2mn tons. In both cases, this would 2020E to be 36% higher 
represent a 35% increase from FY10, when the equivalent figures were 287TWh and _ than in 2010 

41.7mn tons. As more nuclear power plants are taken out of service, we would expect 

further increases, with gas consumption reaching 64.6mn tons in FY20E (up 55% from 

FY10). Add to this the gas needs of the city gas companies, and we calculate that Japan’s 

total LNG demand would increase to 95.4mn tons in 2020E (up 36% from FY10). 


Scenario (3): All plants permitted to restart regardless of age, and new construction 
is also allowed 


In our third scenario, all nuclear power plants other than the Fukushima Daiichi and Assume all but two plants 
Fukushima Daini plants resume operations from 2012, and newly constructed nuclear resume operations from 
power plants are permitted to start up as planned. Note that we have not factored into this 2012 

equation four reactors whose construction is currently being planned: the No. 7 and No. 8 

reactors at TEPCO’s Fukushima Daiichi Nuclear Power Plant, and the No. 1 and No. 2 

reactors at the company’s Higashidori Nuclear Power Plant. 


Under this scenario, we would expect gas-fired thermal power to produce 328TWh of Expect gas demand in 
electricity in FY12E, with gas consumption of 47.6mn tons. In both cases, this would 2020E to be 4% higher than 
represent a 14% increase from FY10, when the equivalent figures were 287TWh and _ in 2010 

41.7mn tons. However, the construction of new nuclear power plants would see gradual 

decreases thereafter. By FY20E, we would expect gas-fired thermal power to be 

producing 289TWh of electricity, with gas consumption of 42mn tons (increases of just 1% 

over FY10). Add to this the gas needs of the city gas companies, and we calculate that 

Japan’s total LNG demand would be 76.1mn tons in FY12E (up 9% from FY10) and 

72.7mn tons in FY20E (+4%). 
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Figure 93: Outlook for gas demand under three different Figure 94: Additional LNG procurement needs 
scenarios 
O-— Scenario 1 Scenario 2 —4— Scenario3 @Scenariol ™ Scenario 2 ™ Scenario 3 
million tons million tons 
110 --------------------------------------- 50.0 -------------------------------------- 


50 ; ; ; ; ; ; 2009 A 2011 E 2013 E 


2010 A 2012 E 2014E 2016E 2018 E 2020 E 


Source: Company data, Credit Suisse estimates Source: Company data, Credit Suisse estimates 


LNG procurement needs 


Below, we compare the volume of LNG needed to satisfy the above three scenarios, with 
the supply currently assured under long-term contracts. The long-term contracts currently 
in place provide for LNG supply of 66.48mn tons in FY12, which would result in shortages 
of 22.32mn tons under Scenario (1), 18.22mn tons under Scenario (2) and 9.62mn tons 
under Scenario (3). The additional volume of LNG required under Scenario (1) would 
amount to 10% of the 220mn tons in LNG traded globally in 2010. Under the second and 
third scenarios, the equivalent figures would be 8% and 4%, respectively. 


The supply of LNG currently assured by long-term contracts will decrease gradually as 
these contracts expire; we estimate it will decline by 18% from 66.5mn tons in FY12 to 
54.38mn tons in FY20E. If we compare this with the volume of LNG required under the 
three scenarios, we calculate that in 2020E an additional 47.72mn tons will need to be 
sourced under Scenario (1), dropping to 41.02mn tons under Scenario (2) and 18.32mn 
tons under Scenario (3). 


While it may sound difficult to procure the more than 40mn tons extra required under 
Scenarios (1) and (2), we believe it is unlikely the contracts now in place will all end 
without extension. Assuming a 50% reduction in the volume covered by contracts expiring, 
for Scenario (1) we would expect the shortage versus required supply to be cut to 24mn 
tons. Considering the proliferation of LNG projects worldwide, we doubt whether additional 
LNG procurement by Japan would lead to any significant tightening in LNG supply- 
demand. 


Global Gas 


Shortage of 9.62—22.32mn 
tons as of 2012 


Shortage of 18.32—47.72mn 
tons as of 2020 


These extra volumes are not 
unattainable, in our view, 
given potential for contract 
extensions 
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Figure 95: Scenario details 


22 November 2011 


Case 1: Assuming gas-fired plants become base-load for foreseeable future 


Unit: ton in millions 2012 E 2014E 2015 E 2016 E 
Electric Utility 41.7 57.8 60.3 62.5 63.5 64.4 66.4 
Gas Utility 20.3 20.0 20.4 20.9 21.3 21.4 21.7 
Others 8.1 8.1 8.1 8.1 8.1 8.1 8.1 
Total 70.1 85.9 88.8 91.6 92.9 93.9 96.2 


Case 2: Assuming older (>30 years) plants to be abolished and no new additions 
Unit: ton in millions 


2017E 2018 E 2019 E 
67.6 69.3 71.4 714 
21.9 22.2 22.4 22.6 
8.1 8.1 8.1 81 
97.6 99.6 101.9 102.1 


Electric Utility 41.7 57.8 56.2 56.2 57.3 60.1 60.1 
Gas Utility 20.3 20.0 20.4 20.9 21.3 21.4 21.7 
Others 8.1 8.1 8.1 8.1 8.1 8.1 8.1 
Total 70.1 85.9 84.7 85.2 86.7 89.6 89.9 


61.9 61.9 62.9 64.6 
21.9 22.2 22.4 22.6 

8.1 8.1 8.1 8.1 
91.9 92.1 93.4 95.4 


2015E 
Electric Utility 41.7 57.8 47.6 47.6 47.6 46.6 46.6 
Gas Utility 20.3 20.0 20.4 20.9 21.3 21.4 21.7 
Others 8.1 8.1 8.1 8.1 8.1 8.1 8.1 
Total 70.1 85.9 76.1 76.7 771 76.1 76.3 


45.4 43.2 43.2 42.0 
21.9 22.2 22.4 22.6 

8.1 8.1 8.1 81 
75.4 73.4 73.7 727 


2010A 2011 E 2012E 2013 E 2014E 2015E 2016 E 2017E 2018 E 2019 E 2020 E 


LNG Long-term Contracts 76.7 71.4 66.5 66.4 62.4 66.7 68.9 
The Additional Volume of LNG Required 
Case 1 6.6 14.5 22.4 25.2 30.5 27.2 27.3 
Case 2 6.6 14.5 18.2 18.9 24.3 22.9 21.0 
Case 3 -6.6 14.5 9.7 10.3 14.6 9.4 74 
Case 1 2010 A 2011 E 2012 E 2013 E 2014 E 2015 E 2016 E 
Nuclear Capacity (MW) 48,999 30,068 30,068 30,068 28,654 24,924 24,924 
Electricity Generated by Nuclear (TWh) 258 79 0 0 0 0 (e) 
Change from 2010 Level -179 -258 -258 -258 -258 -258 
Electricity Generated by Gas (TWh) 287 398 415 430 437 443 457 
Operating Rate of Gas-fired Plants 54.7% 75.0% 75.0% 75.0% 75.0% 75.0% 75.0% 
LNG Consumption (ton in millions) 41.7 57.8 60.3 62.5 63.5 64.4 66.4 
Case 2 2010 A 2011 E 2012 E 2013 E 2014 E 2015 E 2016 E 
Nuclear Capacity (MW) 48,999 30,068 30,068 30,068 28,654 24,924 24,924 
Electricity Generated by Nuclear (TWh) 258 79 158 158 151 131 131 
Change from 2010 Level -179 -100 -100 -107 -127 -127 
Electricity Generated by Gas (TWh) 287 398 387 387 394 414 414 
Operating Rate of Gas-fired Plants 54.7% 75.0% 69.9% 67.4% 67.7% 70.0% 67.9% 
LNG Consumption (ton in millions) 41.7 57.8 56.2 56.2 57.3 60.1 60.1 
2010 A 2011 E 2012 E 2013 E 2014E 2015 E 2016 E 
Nuclear Capacity (MW) 48,999 39,903 41,276 41,276 41,276 42,659 42,659 
Electricity Generated by Nuclear (TWh) 258 105 217 217 217 224 224 
Change from 2010 Level -153 -A1 -A1 -41 -33 -33 
Electricity Generated by Gas (TWh) 287 398 328 328 328 320 320 
Operating Rate of Gas-fired Plants 54.7% 75.0% 59.2% 57.1% 56.3% 54.3% 52.6% 
LNG Consumption (ton in millions) 41.7 57.8 47.6 47.6 47.6 46.6 46.6 


68.7 665 66.0 54.4 
28.9 33.0 35.9 478 
23.2 256 27.4 41.0 

6.7 6.9 7.6 18.3 
2017E—-2018E_~—2019E_~—_—-2020E 

22,664 22,664 21,265 19,065 

0 0 0 0 
-258 -258 -258 -258 
465 477 491 491 
75.0% 75.0% 75.0% 75.0% 
67.6 69.3 71.4 71.4 
2017E —-2018E_—2019E_~—_—-2020E 

22,664 22,664 21,265 19,065 
119 119 112 100 
-138 -138 -146 -157 
426 426 433 444 

68.7% 66.9% 66.1% 67.9% 
61.9 619 62.9 64.6 
2017E—-2018E = 2019E_~—- 2020E 

44,197 47,108 47,108 + 48,698 
232 248 248 256 

-25 -10 -10 2 
312 297 297 289 
50.4% 467% 45.4% 44.1% 
45.4 43.2 43.2 42.0 


Source: Company data, Credit Suisse estimates 


Near-term outlook 


Considering the various constraints imposed on nuclear power plants and the weight 
afforded to community sentiment, it is difficult to ascertain the feasibility and timing of 
restarting nuclear power plants. Based solely on the likely impact on power supply- 
demand and the Japanese economy, we think the most likely timing for a restart is spring 
2012. 


We base our forecast of a spring 2012 restart on three factors: (1) stress tests are 
scheduled to wind up by year’s end; but (2) if further safety measures are recommended 
these could take some months to implement; and (3) this would leave spring 2012 as the 
latest point at which Japan could reasonably hope to avoid a significant negative impact to 
the economy from having no nuclear power generation in summer 2012. 
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Australia — Still all about LNG 
Australia — Willing LNG exporter 


Australia to have $160bn of LNG projects under development by end 2012E: 
Australia is in the midst of a sharp ramp up in LNG. We estimate the total committed 
capex for LNG projects under construction by the end of 2012E will be approximately 
$160bn. Figure 98 includes PNG LNG (OSH and STO have a 29% and 13.5% share, 
respectively) and highlights that capacity will start to ramp up from 2015 when 12mtpa 
are added from Gorgon, QCLNG and GLNG. 


Australia should overtake Qatar this decade as largest global LNG exporter: 
Assuming Pluto 2 and Ichthys are approved (both yet to reach FID), a further 
26.8mtpa will be added in 2016 when APLNG comes online, bringing total capacity to 
63.2mtpa. Australia could overtake Qatar’s LNG export capacity of 77mtpa as early as 
2017, when Wheatstone and Prelude are expected on-stream, and up to 120mtpa of 
total capacity is possible by 2025 from all projects under consideration. 


Australia remains a willing exporter of LNG: Australia remains a willing exporter of 
its natural resources. Australia has exceptionally large resources of gas and a small 
(by comparison) domestic gas (domgas) market. The LNG export industry, traditionally 
from the North West Shelf of Australia, has enjoyed bipartisan support from past 
governments. With a carbon tax expected to be introduced in mid 2012, Australia’s 
use of gas for gas-fired generation is expected to grow, for new generation and to 
replace coal generation, but this expected demand is still small in comparison to its 
gas resource base. 


Figure 96: Australian gas demand supply 


22 November 2011 
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Source: Company data, Credit Suisse estimates 
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WPL: Our preferred pick (TP: $46.00, Outperform): In a volatile market, our 
preferred stock is WPL, on the thesis that by 1Q2012E, the value of cash flows from 
existing assets and Pluto underpin the current share price. WPL is trading in line with 
its base valuation and an FY13E P/E of 14x. Pluto 1 should be online in six months 
after a 12-month delay. The capex and timing downside risks should now be behind 
WPL, and it is trading in line with the NAV of producing assets and Pluto. News on 
Pluto expansion in the next six months should act as a catalyst for the stock; however, 
one overhang is the potential sell down of Shell’s 24% stake, which is no longer in 
escrow. We believe no value for Pluto expansion and Browse is attributed at the 
current price. 


But issues are bubbling to the surface: However, the rush on LNG projects has 
created several critical issues for the LNG industry. These include cost and schedule 
concerns on projects under construction, concerns over the viability of projects that 
have not yet reach FID and environmental and political issues, especially surrounding 
the onshore coal seam gas (CSG) to LNG projects. 


Too many LNG projects equals cost and schedule 
concerns 


Four Australian LNG projects approved for this year, one still to come: In 2011, 
we have seen a total of 24.8mtpa of LNG capacity approved (GLNG, APLNG train 1, 
Prelude and Wheatstone) to date. This was on top of the BG-led QCLNG project 
(8.5mtpa) approved in late 2010. We expect that a further 8.4mtpa of LNG capacity 
should be approved in 2011E (Ichthys), bringing the total 2011 Australian LNG 
potential approvals to 33.2mtpa. 


Only two approvals expected in 2012E - Browse and QCLNG train 3 may bea 
2013E event: In 2012E, there is a high probability of APLNG train 2 and Pluto train 2 
reaching FID, adding a further 8.8mtpa. We are less optimistic that QCLNG Train 3 or 
Browse will reach FID in 2012E, with 2013-14E being the more likely timeframe for 
approval. 


90mtpa of LNG on line or under construction by end of 2012E: We expect there to 
be 24.5mtpa of Australian LNG on production and 65.5mtpa of LNG capacity under 
construction (excluding 6.6mtpa in Papua New Guinea (PNG)) by the end of 2012E. 
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Figure 97: Australian LNG project capacity 


22 November 2011 
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Source: Company data, Credit Suisse estimates 


$160bn committed - Concerns over project resourcing, costs and schedules are 
well founded, in our view: We estimate the total committed capex for LNG projects 
under construction by the end of 2012E will be approximately $160bn. Despite 
assurances of projects being “on budget, on schedule”, we note it is still early days in 
the construction phase for development. Pluto train 1 is running 13 months behind 
schedule and 25% over FID budget. There has been some market speculation 
(Sydney Morning Herald, 18 June 2011) that Gorgon LNG is running behind schedule 
as well. See the section “LNG Investment — the sting is in the tail” for a more detailed 
review of LNG project costs and schedule concerns. 


Factoring in delays and cost overruns: We have recently slipped project deliveries 
for future LNG projects to account for the increasing competition for skilled- and semi- 
skilled labour into our forecasts and valuations. Figure 98 shows when we expect LNG 
capacity to come on-stream. 
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Figure 98: Estimated LNG capacity timetable 


22 November 2011 


120 5 


LNG Capacity (mtpa) 


2011 2012 2013 2014 


mExisting Capacity m Under Construction 


900 tecedse er sicd se eneidd seen sed scenes 


Browse 


QCLNG T3 
PNG LNG T3 APLNG T2 


Pluto T2 


2016 2017 2018 2019 2020 


FID Expected (Possible) m Further Out (Possible) 


Source: Company data, Credit Suisse estimates 


Figure 99: LNG projects that have reached FID 
Details Operator/Key Shareholders 


Train-1 WPL 90%, Tokyo Gas 5%, Kansai Electric 5% 

Trains 1/2/3 Chevron 47%, ExxonMobil 25%, Shell 25%, Osaka 
Gas, Tokyo Gas, Chubu 

Train1 &2 OSH 29%, ExxonMobil 33.2%, STO 13.5%, Nippon 
4.7%, PNG Government 16.8% & landowners 2.8% 

Trains /2 BG, CNOOC (5% u's 10% d/s), Tokyo Gas (1.25% 
u/s 2.5% dis) 

Trains /2 STO 30%, Petronas 27.5%, Total 27.5%, Kogas 15% 

Train 1/2 Shell 100% 

Train 1 ORG 42.5%, ConocoPhillips 42.5%, Sinopec 15% 


Wheatstone Train 1/2 Chevron 73%, Apache 13%, Kufpec 7%, Shell 6.4%, 


Source: Company data, Credit Suisse estimates 


Figure 100: LNG projects yet to reach FID 
Project Details Operator/Key Shareholders 


Ichthys Trains /2 —_Inpex 76%, Total 24% 
Train 2 ORG 42.5%, ConocoPhillips 42.5%, Sinopec 15% 
Train 2 WPL (TBA) 
Train 3 BG (TBA) 
Train 3 OSH 29%, ExxonMobil 33.2%, STO 13.5%, Nippon 
4.7%, PNG Government 16.8% & landowners 2.8% 
Trains 2/3 WPL 50%, BP 16.7%, Chevron 16.7%, Shell 8.3%, 


Shell 50%; PetroChina 50% 


WPL 33.4%, ConocoPhillips 30%, Shell 26.6%, 
OsakaGas 10% 


Source: Company data, Credit Suisse estimates 


Global Gas 


Capacity Contracted 


Tokyo Gas 1.875mtpa; Kansai Electric 1.875mtpa; Petronas 
0.55mtpa 

Kogas 1.5mtpa; Petro China 2.25mtpa; Petronet LNG 1.5mtpa; 
Chubu 1.44mtpa; Osaka Gas 1.375mtpa; Other 1.7mtpa 

Sinopec 2mtpa; TEPCO 1.8mtpa; Osaka Gas 1.5mtpa; CPC 
Corporation 1.2mtpa 

CNOOC 3.7mtpa; Singapore 2mtpa; Quintero 1.5mtpa; Tokyo Gas 
1.1mtpa 

Kogas 3.5mtpa; Petronas 3.5mtpa 


Kogas 3.6mtpa 
Sinopec 4.3mtpa 


TEPCO 3.1mtpa; Kogas 1.5mtpa; Kyushu Electric Power Company 
0.7mtpa 


CPC Corporation 1.75mtpa; Inpex 1.1mtpa; Total 0.7mtpa; Chubu 
0.49mtpa; Toho Gas 0.28mtpa 


***Project considered Speculative 


***Project considered Speculative 
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= For unapproved projects, the fight is on for customers, people, resources and 
stakeholder alignment: Figure 101 shows where the focus remains for unapproved 
LNG projects in Australia and PNG. Customers are a critical missing ingredient for 
those projects on the brink of approval (APLNG T2); however, this is not unusual, as 
LNG customers will not commit to a project until all the other boxes are ticked. For the 
rest, the focus is on proving up sufficient gas resources, (Pluto 2, QCLNG T3, PLNG 
T3) obtaining necessary funding and obtaining stakeholder alignment. 


Figure 101: Unapproved LNG projects — the missing ingredients 
Capacity Resource Funding Customers Stakeholder Env approval FEED 
mtpa alignment Complete 


APLNG Train 2 
Pluto Train 2 


QCLNG Train 3 


PNG LNG Train 3 


Source: Company data, Credit Suisse estimates 


LNG investment - The sting is in the tail 


LNG developments are highly complicated projects spanning more than four years, 
involving more than 4,000 staff and contractors at its peak and typically costing well over 
$10bn. 


= Scope changes and unexpected problems are expected - Is contingency 
enough? Despite careful pre-planning and Front End Engineering and Design (FEED) 
work, unexpected surprises emerge as these projects move from the planning to the 
construction phase. When such problems occur, this results in either: 1) the problems 
can be fixed immediately by providing more resources, 2) it can take longer than 
anticipated to resolve or 3) it can be placed into the ‘too hard basket’ (if it is not on the 
critical path) to sort out later. Resolving problems using the first two methods typically 
leads to a change in scope and increased cost and/or schedule delays where the 
problem is on the project critical path or absorbs resources that should be otherwise 
working on critical path issues. Schedule slippage can again be fixed by providing 
additional resources, but this comes at a cost. The ‘too hard basket’ of issues can 
result in rapid early progress being made, but the last 10% or so of the project is then 
spent on fixing many of these issues that were too difficult at the time. 


= Pluto as a case study — Last 10% will take more than 18 months to complete: It is 
worth remembering that the Pluto 1 project reached the ’90% complete’ level 
approximately 36 months into a supposed 42-month construction schedule. We are 
now in month 50 and the project is scheduled to take 55 months to arrive at the first 
LNG sales, i.e. completing the last 10% will take 35% of the total time from FID to first 
LNG and has seen a 15% increase in total project cost. 
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Figure 102: Pluto Train 1 cost and schedule change since FID 
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Source: Company data, Credit Suisse estimates 


= GLNG - Locking in lump sum turn-key contracts will help: STO has continued to 
highlight that it has entered into fixed price lump sum turn-key contracts with 
downstream developer Bechtel and pipeline contractor Saipem. These companies 
therefore carry the cost exposure for any issues or delays caused by problems within 
the pre-defined work scope. In order to take on this increased risk exposure, we 
estimate that 15-20% was added to the lump sum price offered to GLNG. However, 
STO has flagged that scope changes (of which there have already been two minor 
ones) will be outside these costs and that is why there is a $2bn contingency budget in 
place. GLNG’s largest unknown is on the upstream development, as there is no lump 
sum contract in place (individual components have defined costs with contractor Fluor, 
such as road cost and pipeline cost per kilometre, but the number of metres of each 
were not defined at FID). 
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Viability of projects 


Figure 103: LNG breakeven price (US$/mmbtu) at 12% IRR 
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Source: Company data, Wood MacKenzie, Credit Suisse estimates 


= Key projects differentiators are greenfield vs brownfield and liquids content: 
Project economics (and therefore breakeven gas price) are dictated by a number of 
factors, including the following: 


(1) Liquids content: Most conventional gas resources used as LNG feedstock contain 
some level of condensate and NGLs. These are typically extracted and sold 
separately, with the revenue generated from liquids sales used to offset the cost of 
gas production and liquefaction. In Australia and PNG, projects with high liquids 
content include Ichthys and PNG LNG. CSG contains zero condensate and virtually 
zero NGLs, meaning that all project revenue is derived from the sale of LNG. 


(2) Greenfield vs brownfield expansion: New projects require site preparation, 
construction of LNG storage tanks, jetties and ancillary services. Pouring and 
setting of the concrete foundation for the storage tanks can take up to 30 months 
and is typically on the critical path for LNG construction. Greenfield projects 
therefore typically take 12-18 months longer from FID to first LNG, and can cost 
substantially more than brownfield expansion. 


(3) Remote, deepwater versus shallow water: For conventional LNG projects 
deriving gas feedstock from offshore locations, water depth and proximity to shore 
have a large bearing on upstream construction costs. In Australia, Browse gas will 
be piped up to 500km to shore, whereas others are closer to land and will reduce 
pipeline costs. 


(4) Conventional/unconventional: Other than the liquids content differential, 
unconventional gas (particularly when it is derived from CSG) has a different 
investment profile to conventional gas development. CSG investment typically 
required ongoing investment in tens or hundreds of new wells every year to 
maintain deliverability. CSG also has water production/treatment/disposal issues. 
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(5) Fiscal regime: PNG LNG development has superior fiscal terms to traditional 
offshore Australian LNG development, in our view, which are subject to 40% 
Petroleum Resource Rent Tax (PRRT) on top of a 30% Australian corporate tax 
rate. PRRT becomes payable once the projects generate a rate of return of 
approximately 11%. Onshore Australian LNG projects such as those in Queensland 
are moving to a PRRT system as well — they used to be based on a state royalty 
structure, which is set at 10% of the wellhead value of the gas sold. The PNG LNG 
project is subject to a 30% corporate tax rate and also has two layers of Additional 
Profits Tax (APT). The first tranche becomes payable once total project return 
exceeds 15%, with the second tranche kicking in once the project return exceeds 
20%. 


Landowner and political relationships becoming a 
larger issue 


CSG: In the CSG to LNG developments, landowner concerns have increased 
substantially in recent times over such issues as beneficial use of produced water, 
impact on nearby aquifers, impact on strategic cropping land, use of hydraulic 
fracturing and landowner compensation. On the political side, a moratorium is now in 
place for hydraulic fracturing of CSG wells in NSW. 


PNG has tribal unrest and proposals to change resources rights: In PNG, tribal 
unrest is ongoing, in particular in the highlands area of the project development. Some 
problems have emerged near the Hides Conditioning Plant and the Komo airstrip. In 
addition, the new Minister for Mines and Petroleum has announced a proposal to give 
resource rights to landowners for new projects. His proposal is to maintain the existing 
system of state-owned resource rights for existing projects. If this was implemented, it 
would lead to a dual system with subsequent challenges for those landowners under 
the existing system. 


Environmental protests in Western Australia: Finally, in Western Australia local 
environmental groups are protesting the planned construction of an LNG precinct at 
James Price Point, which is impacting early geotechnical works by WPL on location. 
Each of these issues may be successfully resolved by the operating companies, but 
may add further costs and delays to the construction process either through increased 
levels of compensation or the requirement to implement a suboptimal solution. 
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North America 
US LNG: How quickly the world changes 


As late as 2007, most commentators were expecting the excess of global LNG production 
to target US markets. Regas infrastructure was being rapidly built out in Europe and Asia 
but the US offered a decent enough futures curve in 2007 (prices in the $8.5/mmbtu range 
through 2013) and more importantly sufficient gas storage to act as a seasonal sump. 
Shale was part of the conversation though, in our view. In our Energy in 2008 Outlook, we 
highlighted the growth of Texas gas production of 1.8bcfd in 2007 (primarily driven by the 
Barnett) as a key downside risk for US gas prices going into 2008. Three-and-a-half years 
later and the North American conversation has shifted significantly. The US is perceived to 
be sufficiently long natural gas resources (Shell for example talks of 100 years of gas 
demand) and the futures curve sufficiently low ($5.75/mmbtu in 2016) that companies are 
considering LNG exports (not imports). These LNG exports make the greatest economic 
sense from stranded natural gas in Western Canada, in our view, but LNG export 
schemes have also been proposed from the US East Coast and US Gulf Coast. We note 
that Cheniere recently signed an SPA with BG for 3.5mtpa from its Sabine Liquefaction 
scheme. 


In our global natural gas model, we have included two LNG export trains from Kitimat, with 
the first train commissioning in 2015E, and 9mtpa of exports from the Gulf. This is a 
fraction of the 77mtpa (8.9bcfd) of peak LNG export capacity currently proposed from 
North America. Adding 9bcfd of export demand on top of underlying US demand growth 
from coal-natural gas switching and economic growth would likely cause a US gas price 
response. In a worse-case scenario, the threat of LNG exports could help stabilise the 
back end of the futures curve. 


Figure 104: Downward pressure throughout the North American gas curve 
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US gas production, resources and demand 


Since late 2007, Lower 48 natural gas production has increased by 11.7bcfd and gas 
prices have halved. As US E&Ps redirect investment toward oil drilling and drilling to hold 
acreage (HBP) reduces, the rate of sequential production growth should slow, but base 
effects suggest year-on-year supply growth into 2012. 
production only grew by 4.3bcfd in August (down from peak growth of 5.6bcfd) but is still at 


a challenging level. Gas storage is at seasonal highs. 


Figure 105: US Lower 48 natural gas production 
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Figure 106: US 


WORKING GAS IN STORAGE 
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Success in the shales has driven breakevens down to less than $5.5/mmbtu in most 
basins across the US and as low as $3.2/mcf in the best parts of the Marcellus. With a 
large drilling inventory of low breakeven natural gas drilling locations, we expect prices to 


remain subdued for a while, at least until demand picks up. 
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Figure 107: NYMEX breakevens ($ per mmbtu) 
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Source: Credit Suisse estimates 


BP estimates the proven natural gas resources of the US and Canada together at around 
333TCF or a R/P ratio of around 12 years. Add in the potential shale gas resources (up to 
1250TCF) and this R/P ratio increases to 58 years. Recently, industry commentators have 
pointed to NAM gas resources equivalent to 100 years of demand. 


Shale gas resource potential, a sluggish GDP environment, low shale gas breakevens and 
improving technology all suggest to us that low gas prices will remain a feature of the 
North American market. In the longer term, though, we believe that natural gas demand 
will likely rise over time to arbitrage the mmbtu spread between natural gas and coal 
(power) and liquids (oil). In addition, coal fired power stations face rising environmental 
compliance costs that should drive retirements — see our utility team report Growth From 
Subtraction : Impact of EPA Rules on Power Markets (23 September 2010). 


Figure 108: US natural gas looks cheap vs coal 
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Figure 109: Incremental demand from switching in power 
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This view of US natural gas demand ties in with the market outlook of the major oils. XOM, 
for example, expects US natural gas demand to start rising after 2014 (XOM’s 2011 
analyst day). However, it suggests a limited need for LNG imports into the US through 
2030. Global LNG demand growth is primarily driven by Asia and Europe (and its 
estimates of Europe and Asia could be on the high side, given our affordability concerns). 


Figure 110: Outlook for natural gas demand by type, by region 


22 November 2011 
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Aside from power demand growth, organisations such as Americas Natural Gas Alliance 
(ANGA) and the American Gas Association (AGA) are promoting policies to increase the 
use of natural gas vehicles, particularly in commercial fleets, trash trucks, transit and 
school buses, delivery vehicles, taxi cabs and shuttles. However, this only represents 
AAbcf (or 0.1bcfd) of demand growth today. 


In the longer term, gas to liquids (GTL) technology also offers a capital intensive route to 
turn natural gas into clean burning ‘drop in’ diesel fuel. This likely would not make a 
meaningful positive impact on demand until after 2016E, in our view, and requires 
continued strength in Brent oil prices relative to the Henry Hub $/MMBTU futures curve. 


Figure 111: Potential MMBTU arbitrage (GTL) 
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Source: Talisman November 2011 Corporate Presentation 


An overview of the key North America LNG export 
schemes 


With limited domestic demand drivers in the near term and given the ‘abundance’ of low 
cost North American shale gas, an increasing number of LNG export schemes have been 
proposed. 


= Western Canada: At Kitimat (APA) and Prince Rupert (RDS) large Montney resource 
holders have proposed greenfield liquefaction schemes from British Colombia. Given 
the transportation costs from Western Canada to US markets (AECO minus) and 
hence low wellhead realisations, exports make sense even with pipeline tariffs for 
newbuild pipes through the Rocky Mountains. 


= Merchant exporters from the Gulf and East Coast: The proposed schemes in the 
US Gulf and East Coast are brownfield repurposing of existing LNG import facilities. 
These facilities would be able to import gas when it made sense and also export to 
world markets. Given the substantial existing infrastructure, the liquefaction capital 
costs could be as low as $400/tpa (compared with up to $1000/tpa for greenfield 
sites). We believe LNG exports from these facilities would likely target Europe. We 
calculate that the premium to Henry Hub to justify a cost of capital return through the 
incremental logistics infrastructure (delivery to terminal, liquefaction, transport, regas 
in Europe) would be of the order $4/mcf, though we have seen estimates as low as 
$3.7/mcf (Wood MacKenzie). The spread between calendar year 2015 Henry Hub 
($5/mmbtu) and European contract natural gas prices ($10.5-11/mmbtu) is wider than 
this. However investors in the liquefaction would need to be confident (1) that spreads 
would be wider than $4/mmbtu for 20 years and (2) that the government would allow 
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exports for a 20-year period (rather than 1-2 years with a renewal clause). Aside from 
the usual approvals from FERC, we understand that any project would need an export 
license from the DOE. Exports from the Marcellus via Cove Point (Dominion) make 
more sense than from the Gulf given the lower transportation costs and low breakeven 
in the Marcellus shale gas basin. 


In our natural gas model, we have included two trains from Kitimat, with the first train 
starting up in 2015E and 7mtpa of exports from the Gulf. This is a fraction of the 77mtpa 
(8.9bcfd) of maximum export capacity currently proposed from North America. This 
8.9bcfd of potential export capacity has upside potential from additional proposals out of 
Western Canada (e.g. XOM). Adding 9bcfd of export demand on-top of underlying longer- 
term US demand growth from coal-natural gas switching and economic growth would likely 
cause a US gas price response (and potentially a political one also). 


Figure 112: Proposed LNG export schemes from North America 


22 November 2011 
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BG has recently signed a 20-year sale and purchase agreement with Cheniere to export 
3.5mtpa (around 0.5bcfd) from Cheniere’s Sabine Pass LNG scheme in the Gulf Coast, 
subject to Sabine Liquefaction's receiving regulatory approvals, securing financing and 
making a final investment decision. We believe it will take around $4/mcf from inlet pipe to 
regas exit to provide an acceptable return from the Gulf to Europe and $5.25/mcf from the 
Gulf to Asia. Cheniere has stated that it wants the Sabine Liquefaction plant to produce 
Qmtpa (1.2bcfd) of LNG in the first phase of its project. Sabine Liquefaction has received 
authorisation from the U.S. Department of Energy to export up to 16mtpa (2.1bcfd). 
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Latin America 


Overview Emerson Leite 
+55 11 3841 6290 


The past decade saw major changes in the dynamics of LatAm’s natural gas markets. At emerson.|eite@credit- 
the beginning of the decade Argentina and Bolivia were producers who would have been — suisse.com 

able to supply their neighbours. However, Argentine regulation after its economic crisis in 

2001-02, together with the nationalisation of Bolivia’s gas sector in 2006, meant that both 

countries have become somewhat unreliable supply sources. This has caused countries to 

secure alternative supplies, which can either come from increasing domestic production or 

LNG imports. Increasing LNG imports is already a fact in Argentina, Chile, and Brazil. The 

latter is doubling its regasification capacity by 2015. Furthermore, Brazilian pre-salt 

associated gas and Argentina’s unconventional gas potential are two significant drivers to 

increase domestic production from those two countries. 


Figure 113: Schematics of the South American natural gas markets 
The Southern Cone Natural Gas Market in 1998 The Southern Cone Natural Gas Market in 2011 
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Source: Credit Suisse research based on Wood Mackenzie 


The lack of coordination between the countries, increasing regasification capacity and 
newfound resource potential means that we expect a strong natural gas surplus for the 
region over the next decade. We go over the most important country-specific issues in the 
following pages. 


Figure 114: Gas surplus in Latin America for the next decade 
Bcf/day 
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Key country-specific themes 


Argentina: Regulation drives sup/dem imbalance, unconventional potential 


After the economic crisis in 2001-02, the Argentine government started to enforce policies 
of pricing control for oil, gas and refined products as a means to aid economic recovery 
and guarantee domestic supply. This has in part worked: domestic oil, gas and refined 
products’ prices remained well below international levels and contributed to economic 
growth. 


However, artificially low prices had an impact on upstream economics and the level of 
investment the country has seen. Increasing demand and reduced supply started to create 
an imbalance, so that Argentina has been a net importer of gas since 2008. Gas imports 
are done at significantly higher prices than domestic prices, and total energy subsidies are 
a significant 2-4% of Argentinean GDP. Therefore, we believe there is a strong logic for 
the government to de-regulate gas prices, as better economics would incentivise upstream 
producers to invest in infrastructure, which in turn would reduce the country’s dependence 
on imports from Bolivia and LNG. Things have started to improve, in our view, with the 
government creating the Gas Plus programme in March 2008. The programme allows for 
better pricing for natural gas production resulting from new reserves discoveries, new 
fields and unconventional gas. 


Figure 115: Argentine gas prices vs benchmarks 
$/mmbtu bef 


22 November 2011 


Figure 116: Argentina net gas exports (+) and imports (-) 
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Gas Plus is starting to have some important effects, with the industry’s attention coming 
back to Argentina’s unconventional resources. Argentina’s resource potential for shale 
resources is large, and the US Energy Information Administration (EIA) estimates the 
country has the third largest technically recoverable shale gas reserves of 774tcf, behind 
China and the US (Figure 117). 


Figure 117: Technically recoverable shale gas reserves (tcf) 
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Brazil: Demand for thermal power generation and refining, supply from pre-salt, new 
players and regasification capacity 


One of the distinguishing features of Brazilian gas demand is the increasing importance of 
thermal power generation in the country’s energy mix, which in turn would demand more 
natural gas. This back-up generation capacity is becoming increasingly important for the 
normalisation of the water reservoirs of the country’s power plants. 


We expect downstream will also represent a major part of the demand increase in the next 
decade, and this is behind PBR’s decision to offload the associated gas from the pre-salt 
fields via pipeline to the Comper] refining complex in Rio de Janeiro. The company has 
mentioned it is not discarding the Floating LNG option altogether, but for now is prioritising 
domestic demand vs the export-flexibility that FLNG allows. PBR concluded the FLNG 
FEED process this September and final costs ranged from $3.3bn to $4.8bn. 


The increasing demand comes at a time when prospects for natural gas availability are 
attractive, given (1) the boost in production that Petrobras seeks to deliver and (2) the 
emergence of other players in the gas market, OGX and MPX, and also HRT, which are 
already positioned to be major players in this market. 


Petrobras has the largest potential to add new capacity in the coming years due to the 
increase in natural gas capacity production that should result from all its planned E&P 
investments over the next decade, notably pre-salt associated. 


Supply will also come from an increasing capacity in Brazil's regasification terminals. 
Petrobras is building a new regasification terminal in Bahia, due in 2015, and is also 
planning to increase the natural gas processing capacity in the Guanabara Bay. Those two 
projects alone would double LNG supply to the Brazilian market from 21mn cm/day 
currently to 41mn cm/day by 2015E, on our numbers. 


Figure 118: Petrobras’ gas supply-demand dynamics 
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Bolivia: Resource potential impacted by politics, but can this change? 


Bolivia's long known natural gas resource potential went through a turning point in 2006, 
when newly elected president Evo Morales imposed tougher fiscal terms and handed over 
all major gas fields to state oil company Yacimientos Petrolifera Fiscales Bolivianos 
(YPFB). Tougher fiscal terms and increased political uncertainty meant that investments in 
the upstream sector dropped significantly. 


Impacts were also felt on the exports to Argentina, which alongside Brazil are the two main 
sources for the excess Bolivian gas. In 2006 Bolivia signed a supply agreement of 
970mmcfd with Argentina, but only managed to deliver an unimpressive 175mmcfd. 
Exports to Brazil have been more stable despite the Bolivian political environment. Bolivia 
has been supplying around 1,085mmcfd to Brazil in a contract that extends until 2019. 
There was increased uncertainty over Bolivia’s capability to deliver in 2010, when the 
country’s proven reserves were downgraded by almost 50% to 12.6tcf. 


Bolivia now faces the risk that its gas-hungry neighbours develop alternative sources for 
their gas needs. Increasing LNG imports is already a fact in both countries, and Brazil is 
doubling its regasification capacity by 2015. Furthermore, Brazilian pre-salt associated gas 
and Argentina’s unconventional gas potential are two major drivers to increase domestic 
production from those two countries. 


Figure 119: Bolivia natural gas supply-demand dynamics 
Bcf/day 


22 November 2011 
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There is an argument for an increased awareness of the Bolivian government to 
strengthen its partnerships with both countries and further diversify their export options, 
providing for a better investment environment. In 2010 there was an emblematic 
addendum to the original supply-contract with Argentina. As part of the addendum, the 
Argentine government plans to invest $2.7bn to build gas pipeline capacity. Furthermore, 
we think the industry is starting to get more comfortable with investing in Bolivia, with BG, 
YPF, Pan American Energy and Total investing over $1.3bn in the Margarita and Itau 
fields, which should account for the majority of the incremental exports to Argentina. The 
Bolivian government also appears to be in ongoing negotiations to penetrate the new 
markets of Paraguay and Uruguay. 
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Chile: In need of supply 


With small domestic production and no other import facilities, Chile has developed a 
strong dependence on Argentina for the supply of its natural gas since the late 1990s, 
when new infrastructure provided for strong demand growth in the country. Problems 
started to arise in 2007 as the export constraints related to Argentine domestic regulation 
intensified. Chile then needed to find alternative sources for its gas, which did not include 
Bolivia and Peru because of ongoing political issues. 


On a temporary basis, the country started to rely on more expensive oil products for its 
power generation, while constructing two LNG regas terminals that are now concluded, 
with total capacity of 536mmcfd, equivalent to the gas imported from Argentina before the 
crises arose. 


In 2010 Chile imported 277mmcfd of LNG, of which 51mmcfd was from Argentina. Added 
to an indigenous supply of 103mmcfd, the imports have been enough to keep up with the 
Chilean demand of 407mmcfd, but we believe this balance is only sustainable in the short- 
term given a strong outlook for domestic demand. 


For the long-run, we expect steady demand growth in the country on account of i) need for 
diversification of the local power generation matrix from uncertain hydro towards gas-fired 
plants; ii) environmental concerns leading to the usage of clean-burning fuels such as 
natural gas; iii) expansion of the gas distribution network for residential consumers, with 
the replacing of town gas systems to pipeline natural gas in small towns. Moreover, there 
is a growing trend for modification of water usage rights for the mining companies, which 
would require more desalination capacity. This in turn would translate into higher gas 
usage in northern Chile for power generation to run the desalinisation processes. 


In order to keep up with that sustained demand growth in forward years, provided that 
political tensions with its northern neighbours continue, we think Chile would need to 
structure a larger capacity regas infrastructure, look for a successful reform of Argentina’s 
gas legislation or count on new local discoveries from the ongoing exploratory campaign 
being conducted by Geopark and state-owned ENPA in the south of the country. 


Figure 120: Chile natural gas supply-demand dynamics 


22 November 2011 
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Latin American gas model 


Figure 121: Latin America (ex-Mexico) natural gas supply model 


Billion cubic feet per day 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020 
Argentina 3.9 3.9 4.0 4.1 4.125 4.1 4.2 4.3 4.3 4.4 4.6 
Bolivia 1.4 1.5 1.6 1.7 1.7 1.9 1.8 1.8 1.8 sr 1.8 
Brazil 1.4 1.7 2.1 2.3 2.6 2.8 3.0 3.2 3.4 3.5 3.6 
Chile 0.2 0.2 0.2 0.2 0.1 0.1 0.1 0.1 0.1 0.1 0.1 
Colombia 1.1 1.2 1.3 1.2 1.1 1.0 1.0 0.9 0.9 0.9 0.8 
Peru 0.7 1.1 1.1 1.3 1.4 1.5 1.5 1.5 1.6 1.6 1.6 
Trinidad & Tobago 4.1 4.1 4.2 4.2 4.4 45 4.6 4.6 4.6 4.6 4.7 
Venezuela 2.8 3.2 3.2 3.3 3.5 4.0 4.1 4.0 3.8 4.2 4.4 
Other S. & Cent. America 0.3 0.3 0.3 0.3 0.3 0.3 0.3 0.3 0.3 0.3 0.3 
Total S. & Cent. America 15.8 17.2 17.9 18.6 19.2 20.2 20.7 20.8 20.6 21.3 21.7 


Source: Credit Suisse estimates 


Figure 122: Latin America (ex-Mexico) natural gas demand model 


Billion cubic feet per day 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020 
Argentina 4.2 4.3 4.1 3.9 4.0 4.2 4.2 4.3 4.3 4.4 4.4 
Bolivia 0.3 0.3 0.3 0.3 0.4 0.4 0.4 0.4 0.4 0.4 0.5 
Brazil 1.8 1.9 2.1 2.2 2.4 2.5 2.6 2.8 2.9 3.1 3.2 
Chile 0.5 0.7 0.8 0.9 0.9 0.9 0.9 1.0 1.0 1.1 1.1 
Colombia 0.9 0.9 1.0 1.0 1.0 1.1 1.1 1.1 1.2 1.2 1.3 
Ecuador 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Peru 0.5 0.6 0.6 0.6 0.7 0.7 0.7 0.7 0.8 0.8 0.8 
Trinidad & Tobago 2.1 2.1 2.2 2.2 2.3 2.4 2.5 2.6 2.7 20 2.8 
Venezuela 3.0 3.1 3.1 3.3 3.4 3.5 3.6 3.7 3.9 4.0 4.1 
Other S. & Cent. America 0.5 0.6 0.6 0.6 0.6 0.6 0.7 0.7 0.7 0.7 0.8 
Total S. & Cent. America 13.8 14.4 14.8 15.1 15.6 16.3 16.8 17.3 17.9 18.5 19.0 


Source: Credit Suisse estimates 
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Middle East 


We expect the Middle East’s fast-growing gas demand (+3.5% p.a.) to be primarily 
met by domestic supply (particularly in Iran, Saudi Arabia, UAE and Iraq), although 
the region should pull small but rising amounts of LNG. We do not expect the 
region to export incremental amounts of gas to the rest of the world given strong 
domestic demand. 


The Middle East region has the largest proved gas reserves in the world with 40.5% of the 
total or 75.8tcm. The 6 GCC states (Bahrain, Kuwait, Oman, Qatar, Saudi Arabia and 
United Arab Emirates) together have 22.5% of world proven gas reserves, and Iran has 
the second-largest proven reserves of any individual country after Russia at 16.8%. 
Therefore, a common assumption is that the Middle East is a source of cheap, readily 
available gas for the rest of the world; however, strong domestic demand growth is rapidly 
changing this picture. 


The Middle East region is a net exporter of gas with 461bcm of production vs 366bcm of 
consumption in 2010. Qatar represents the bulk of Middle East gas exports, with most of 
the gas exported as LNG to Europe and Asia, and the remainder sent by pipeline to 
neighbouring countries (Oman, UAE). 


The region is not homogeneous, with some countries gas-rich (Qatar, Iran, Saudi Arabia, 
Yemen, Oman) and others gas-short (UAE, Bahrain, Kuwait, Jordan). A recent 
phenomenon has been an emerging gas shortage in some Gulf countries. Most 
notably, Kuwait became the first Middle Eastern country to import LNG in August 2009, 
followed by Dubai in 2010. 


Strong demand growth 


We expect MidEast gas demand to grow at 3.5% p.a. to 2020, with greater potential if 
supply was able to meet pent-up demand. Our forecasts are slightly above the IEA’s 
projections of 2.5% demand CAGR to 2020. In the last decade, demand growth has 
averaged 6.9% and has grown at a minimum pace of 3.7% (in 2009). 


Figure 123: Middle East gas demand 
in billion cubic metres (bcm) per annum 
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Power demand 


The main driver of the region’s future demand growth is increasing power consumption 
and a higher share of gas in power generation. According to the US EIA, the region’s 
power generation needs should grow by c.50% from 2010 to 2030, of which 90% will be 
fulfilled by gas. Power demand in many Middle East countries including Saudi Arabia, 
Kuwait, Oman and Iraq is expected by local authorities to grow between 5% and 10% p.a. 
going forward. 


For instance, Kuwait Petroleum Corp. (KPC) forecasts Kuwait's gas demand for power 
generation to hit 2.72bcf/d in 2020, almost doubling total current consumption of 1.4bcf/d 
in 2010. Oman’s electricity demand is forecast to increase by 9% p.a. by the Omani 
Ministry of Oil and Gas. Plans to build a new 2 GW gas-fired power station were 
sanctioned in July. Iraq has maybe the most ambitious power generation newbuild plans 
in the region. A first phase involving 50 new power stations should add up to 5 GW of 
capacity, and longer-terms plans should install 20 GW by 2017 — if built, they will burn 
Abcf/d (vs 1.3bcf/d of consumption today) at least in the peak-demand summer months. 


Alternative power generation sources such as oil, renewables, coal and nuclear are 
expected to contribute to the mix, but only modestly compared to gas. In 2007, the UAE 
launched its civilian nuclear programme and plans to generate 25% of its power from 
nuclear in the next 15-20 years — but these are long-term plans that will not have much 
impact in the next decade. Political sensitivities should limit the spread of nuclear power in 
the region. Surprisingly few Gulf countries have plans to use solar energy, although it is a 
suitable option for the region. 


There is a strong economic rationale for Gulf countries to raise gas consumption for 
electricity generation. In some countries such as Saudi Arabia, growing power demand is 
diverting oil away from export markets for power generation. Wood Mackenzie estimates 
that the status quo would result in a 1.5mbd increase in oil consumption for electricity. At 
current oil prices, and even assuming high oil-linked LNG prices, the arbitrage between 
valuable crude oil exports and gas imports should be an obvious choice for Middle East 
policymakers. 


Industrial demand 


Other sources of gas demand include the petrochemicals, steel and aluminium industries, 
most notably in Saudi Arabia, UAE, Qatar and Oman. Low gas prices are seen as a 
competitive edge for gas-rich Gulf countries, which are keen to diversify away from oil and 
gas into higher value industries. Earlier in 2011, Saudi Aramco launched an “accelerated 
transformation programme” to transform itself from an oil and gas producer into an 
“integrated energy and chemicals company” through the addition of chemicals. Similarly, 
Qatar is pursuing a policy to move from being a gas supplier of other countries’ industries 
to being a country with industries of its own. 


In July 2011, Saudi Arabia and Dow Chemical finalised a project to build the world’s 
largest petrochemical project on Saudi’s East coast, known as Sadara, for $20bn. The 
complex will produce over 3mtpa of chemicals made from a range of feedstocks including 
ethane, LPG and naphtha. This comes in addition to the 2.5mtpa expansion of the 
PetroRabigh refining and petrochemicals site. Another example is Qatar’s new Al Khaleej 
Gas 2 (AKGO-2) gas processing plant, which started producing gas from the North Field in 
mid-2010 for local Qatari industries including Ras Laffan Olefins Company, Ras Laffan 
Power Company and Qatar Power Company. 


Gas reinjection 


Another factor behind the MidEast’s strong gas demand is growing demand for gas 
reinjection in improved oil recovery (IOR). There is a growing need for gas reinjection in 
ageing oil fields to maintain reservoir pressure. For instance, gas demand for reinjection in 
the UEA is expected to almost triple from 18bcm (30% of the country’s gas consumption) 
to 45bcm by 2020. Oman, Qatar and Iran will also need gas for reinjection. Alternatives 
such as nitrogen and CO2 injection are being tested, but are unlikely to significantly 
reduce gas demand for reinjection. 
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Rising MidEast LNG imports 


As a result of strong demand growth, two MidEast Gulf countries have started to import 
LNG in recent years. Kuwait started to import LNG in August 2009, and in 2011 extended 
the period in which it imports LNG from 7 to 9 months. Imports would be 2.9mt if import 
rates stay at 500mcf/d for the full 9 months. Dubai started LNG imports in late 2010 and 
has signed a 15-year supply agreement with Shell and Qatar Petroleum (QP) to import 
1.5tmpa during the peak-demand summer season. 


In 2010, Kuwait and Dubai together imported 2.2mtpa of LNG or 1% of total LNG supply. 
Imports of LNG into the MidEast are still marginal. However, they are already changing the 
dynamics of global LNG trade patterns, particularly as LNG imports into the MidEast are 
mainly used for power generation and air conditioning in the summer, providing a counter- 
seasonal demand source for the northern hemisphere. 


Bahrain has become the latest Gulf country set to import LNG. Bahrain turned to LNG 
imports after talks with Iran to import gas via subsea pipeline ended. The country now 
plans to start LNG imports in 2014. Bahrain is expected to pick a contractor to build a 
“fast-track” LNG import terminal of up to ibcf/d (7.6mtpa). Fast-tracked floating 
regasification terminals can be set up in just 18 months — this was the solution chosen by 
both Kuwait and Dubai. 


Jordan and Israel are studying options to import LNG in the short term (until offshore gas 
is developed) and looking at floating regasification terminals. The rationale is to diversify 
away from Egyptian pipeline imports which are currently their only source of imports. 
Egyptian gas supplies to Jordan and Israel were cut off several times in the first half of 
2011 after attacks on infrastructure in the Sinai Peninsula, raising security of supply 
concerns. 


All in all, we estimate that the Middle East could need LNG imports of 13mpta by 
2015 and up to 20mpta by 2020. 


Why LNG and not pipelines? Regional politics and a lack of cooperation on pipeline 
projects play an important role in boosting the development of LNG imports. This issue is 
of course not specific to the Middle East — there are similar situations in Europe, which has 
four competing pipeline projects to bring gas from Central Asia (Nabucco, TAP, ITGI and 
the BP-led Southeast Europe Pipeline) and in South America which lacks cross-border 
pipeline connections. 


Can supply keep up with demand? 


We expect new gas supplies from the Middle East to be primarily directed to local 
consumption given strong domestic demand. We expect supply growth to slightly lag 
demand growth at 3.2% to 2020, allowing for rising LNG imports in some countries. 
We do not forecast incremental gas exports from the MidEast to the rest of the 
world in the medium term. 


For a region so rich in hydrocarbons, it may seem ironic that some countries are 
experiencing trouble raising production, for reasons ranging from difficult geology to local 
politics and pricing issues. Some countries are experiencing a growing gas “shortage” 
which should put a lid on underlying demand. In order to meet gas demand growth, the 
region needs to significantly grow non-associated gas production (i.e. not linked to oil 
production which is subject to OPEC quotas). However, the two MidEast countries with 
most abundant non-associated gas resources, i.e. Qatar and Iran, are facing significant 
political and geological constraints. 


Global Gas 


22 November 2011 


104 


~ 


CREDIT SUISSE 


Figure 124: Middle East gas supply 
in billion cubic metres (bcm) per annum 
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Source: BP Statistical Review 2011, Credit Suisse estimates 


= Qatar - no incremental LNG projects: In 2005, Qatar put in place a moratorium on 
the giant North Field (1,800 tcf of reserves) for new export projects, including 
debottlenecking of existing LNG and GTL plants. The moratorium was initially due to 
expire in 2012 but was extended several times until 2014. The main reason for the halt 
on new developments is a high degree of caution from Qatari officials and a desire to 
save gas resources for future generations. We understand this caution on the pace of 
development is partly driven by geological concerns: drilling rates have been below 
expectations, suggesting a lack of pressure. This is reinforcing the view that the field 
needs to be better understood. By 2014, Qatari officials want to drill more wells, collect 
data and run models on the North Fields at full production before making further 
decisions. Moreover, until recently Qatar saw little reason to bring onstream more gas 
online to international markets given the global gas “glut” seen in 2009-10. After the 
ramp-up of LNG and GTL plants in 2011-12, we forecast very modest demand/supply 
growth from Qatar and assume no future additional LNG exports. 


= Iran - slow progress on exports: Iran has the world’s second-largest gas reserves 
but has growing needs for gas reinjection into its ageing oil reservoirs. The South Pars 
field (known in Qatar as the North Field) represents around half of lran’s reserves but 
the majority of South Pars reserves are to be allocated to the domestic market for 
consumption and reinjection. Export projects are hampered by political uncertainty and 
trade embargoes with the West. (1) LNG: Of Iran’s 4 proposed LNG projects (Iran, 
Pars, North Pars, Persian), only Iran LNG seems to be making some progress. 
Construction has already started but the project does not have firm buyers yet — even 
potential Chinese buyers are reluctant to sign contracts given UN sanctions. In our 
model, we assume no LNG exports in our base case, but assume exports from Iran 
LNG from 2020 in our upside case. (2) Iran has at least 2 proposed pipeline projects to 
export gas, one to Europe via Syria and Irag, and another to Pakistan/India. We 
believe both projects are unlikely to become reality given US pressure. 


Other countries should see rapid production growth, but only matching internal demand 
growth. 


= Iraq - strong growth for domestic market, LNG maybe at end of decade. Iraq has 
significant associated gas reserves but currently flares a significant portion of its 
associated gas (up to 1bcf/d is currently flared). lraq’s domestic gas market is 
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expected to grow quickly mostly due to power generation needs — the Ministry of 
Electricity forecasts 10% annual growth in the power sector. As a result, much of Iraq’s 
associated gas market will first supply the domestic market, but LNG exports are a 
longer-term option. In November 2011, Shell got approval for a 25-year contract to set 
up the Basrah Gas Company (BGC), owned by Shell (44%), South Gas (51%) and 
Mitsubishi (5%). The $17bn venture will capture and handle up to 2bcf/d gas flared at 
3 fields (Rumaila, Zubair and West Qurna-1) for use in cities in the south of Iraq. The 
three fields are expected to produce 4.5bcf/d of associated gas, although this could 
drop if plateau levels are re-negotiated lower in the future. More interestingly, the 
venture also has the rights to export 600mcf/d of gas (4.5mtpa) as LNG after domestic 
needs are met. In our model, we do not factor in any LNG exports from Iraq in our 
base case given likely disagreements with field operators BP, XOM and Eni over 
feedgas pricing, and include a 4.5mt project from 2022 onwards in our upside case. 
Huge gas reserves in Iraqi Kurdistan have raised hopes that the region would export 
gas to Europe via the Nabucco pipeline; however, continued disagreements between 
the Kurdistan Regional Government (KRG) and the central government could scupper 
Kurdistan’s export plans. We do not factor in Kurdistan gas exports to Europe by 2020 
in our base case. 


Israel - LNG imports in the short term rather than exports. We think Israel's recent 
offshore Leviathan discovery (16tcf) is mainly targeted at the domestic market rather 
than destined for LNG exports. The scare caused by the halt in Egyptian gas imports 
(40% of the country’s demand) for several weeks from March to June 2011, combined 
with Egypt’s demands for higher prices ($12/mbtu vs current prices of $3/mbtu), have 
prompted a re-think in energy policy. Israel is still considering fast-tracking an LNG 
import terminal to plug the gap until the start-up of the Tamar field in 2013 and 
Leviathan. 


We forecast modest production increases in the medium term from GCC countries Saudi 
Arabia, Kuwait, Oman and UEA. The countries set up joint ventures with Western majors 
years ago to explore for gas in complex fields, with varying success. The issue so far has 
been low domestic gas prices (as low as $0.75/mcf) in the face of increasing development 
costs. However, we think it is inevitable that domestic gas prices will rise over the medium 
term, allowing for fields to be developed. 


Saudi Arabia has had little success exploring for non-associated gas in the “Empty 
Quarter” (Rub Al-Khali) since it set up a consortium including Saudi Aramco, Shell and 
Total in 2004. Total pulled out in 2008 due to lack of commercial success. Shell stayed 
in and is currently appraising the Kidan sour gas field. Transfer prices in Saudi Arabia 
are $0.75/mbtu, well below the $4-6/mcf needed to make a return. 


Kuwait: Shell signed a $10bn Enhanced Technical Service Agreement (Etsa) in 
Kuwait in 2010 to produce up to ibcf/d (10.3bcma). Production will likely be 
challenging as the gas is either sour or tight and trapped in HP/HT fractured 
reservoirs. 


In Oman, BP is looking to develop the Khazzan and Makarem tight gas fields in Block 
61, with potential to produce 1-1.2bcf/d — if it can agree on a gas price with the 
government. Domestic gas prices for the power market are $1.5/mcf and BP needs 
$4-5/mcf to develop the fields. Oman has high LNG commitments for its 2 plants, 
Oman and Qalhat, but is already having trouble filling the Qalhat plant. 


UAE: Occidental replaced Conoco in the 500mcf/d (5.1bcma) Shah sour gas project in 
Abu Dhabi in January 2011. Oxy agreed on a $1/mcf price, but some firms argue the 
gas requires $4/mcf given very high hydrogen sulphide content. 
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Gas prices 


Figure 125: Asia gas prices at different R-factors and UK NBP futures 
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Figure 126: Henry Hub Futures, $/mmbtu 
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Appendix: Global gas model 


Figure 127: Global Gas Consumption 
in billion cubic metres (bcm) 


22 November 2011 


2007 2008 2009 20102011E 2012E 2013E 2014E 2015E 2016E 2017E 2018E 2019E 2020E 


2000-10 2010-20 


US 654 659 647 683 695 698 720 743 767 778 789 793 794 791 0.3% 1.5% 
Canada 95 96 94 94 95 95 96 97 97 98 99 100 100 101 0.1% 0.8% 
Mexico 63 66 67 69 71 72 74 76 78 80 82 84 86 88 5.3% 2.5% 
Total North America 812 821 808 846 860 866 890 916 943 956 970 976 981 980 0.6% 1.5% 
% growth 5.2% 1.1% -1.6% 4.7% 1.6% 0.7% 2.9% 2.8% 2.9% 1.4% 1.5% 0.6% 0.4% -0.1% 

Argentina 44 44 43 43 44 42 41 41 43 44 44 45 45 46 2.7% 0.5% 
Brazil 21 25 20 26 20 21 23 24 26 27 28 30 31 33 10.9% 2.2% 
Other Latin America 70 72 72 78 82 86 89 92 96 99 102 106 110 113 3.9% 3.8% 
Total S. & Cent. America 135 141 135 148 146 150 153 158 165 170 175 181 187 192 44% 2.7% 
% growth -0.6% 4.9% -4.4% 9.3% -0.9% 2.5% 2.0% 3.1% 4.3% 3.1% 3.4% 3.3% 3.0% 2.8% 

France 42 44 42 47 46 46 47 47 47 47 47 48 48 48 18% 0.2% 
Germany 83 81 78 81 80 81 81 82 82 82 82 82 83 83 0.2% 0.2% 
Italy 78 78 72 76 75 75 76 76 77 77 hls 77 77 78 16% 0.2% 
Netherlands 37 39 39 44 43 43 44 44 44 44 44 44 44 44 11% 0.2% 
Spain 35 39 35 34 34 34 34 35 35 35 35 35 35 35 7TA% 0.2% 
Turkey 36 38 36 39 41 44 46 49 52 55 58 60 63 67 10.4% 55% 
United Kingdom 91 94 87 94 89 88 87 87 86 85 84 83 82 81 -0.3%  -14% 
Other OECD Europe 104 105 99 109 110 111 113 114 #115 117 #+4118 #4119 #121 = «122 18% 1.1% 
Total OECD Europe 506 517 487 524 517 523 529 533 537 541 545 549 553 558 1.7% 0.6% 
% growth 0.3% 2.1% -5.8% 7.7% -1.3% 1.1% 1.1% 0.7% 0.8% 0.7% 0.7% 0.8% 0.8% 0.8% 

Russia 422 416 390 414 418 420 414 408 400 396 396 396 396 396 16% -0.5% 
Ex-FSU 215 215 184 199 203 207 212 216 221 226 231 237 242 248 0.5% 2.2% 
Russia & Ex-FSU 637 631 574 613 621 628 626 624 621 622 627 632 638 644 1.2% 0.5% 
% growth 2.0% -0.9% -9.1% 6.8% 1.4% 1.0% -0.3% -0.3% -0.5% 0.2% 0.8% 0.9% 0.9% 0.9% 

Total Europe & Eurasia 1,143 1,148 1,061 1,137 1,139 1,151 1,155 1,157 1,158 1,162 1,172 1,181 1,191 1,201 14% 0.6% 
% growth 12% 0.4% -7.6% 7.2% 0.1% 1.0% 0.3% 0.2% 0.1% 0.4% 0.8% 0.8% 0.8% 0.9% 

Iran 113 119 131 137 141 +145 #150 154 159 164 168 173 179 184 8.1% 3.0% 
Saudi Arabia 74 80 78 84 86 87 89 91 93 96 98 100 102 104 5.4% 2.2% 
United Arab Emirates 49 59 59 61 64 67 70 74 77 80 84 87 90 94 6.8% 45% 
Other MidEast 67 73 75 84 88 92 96 101 106 111 115 120 125 131 7.00% 45% 
Total Middle East 303 332 344 366 378 391 405 419 435 451 465 481 497 513 6.9% 3.5% 
% growth 4.0% 9.5% 3.7% 6.2% 3.5% 3.5% 3.5% 3.5% 3.7% 3.8% 3.1% 3.3% 3.3% 3.3% 

Algeria 24 25 27 29 31 32 34 36 38 39 40 41 42 42 3.8% 3.9% 
Egypt 38 41 43 45 48 50 53 56 60 61 62 64 65 66 8.5% 3.9% 
Other Africa 32 34 29 31 33 35 37 39 41 42 43 44 45 45 5.2% 3.9% 
Total Africa 94 100 99 105 111 117 124 #131 139 142 #4145 #%4148 #+151 154 6.0% 3.9% 
% growth 7.1% 6.1% -1.3% 6.1% 58% 5.8% 5.8% 58% 5.8% 2.1% 2.1% 21% 2.1% 2.1% 

China incl. HK 73 84 93 113 133 149 166 183 194 213 232 252 272 292 15.2% 10.0% 
India 40 41 51 62 66 71 77 82 92 99 104 110 116 123 8.9% 7.1% 
Indonesia 31 33 37 40 43 46 49 52 56 58 61 64 68 71 3.1% 5.8% 
Japan 90 94 87 95 119 121 123 123 123 124 #124 #4124 #125 125 2.8% 2.8% 
South Korea 33 34 34 36 37 38 40 42 43 45 46 47 49 50 4.0% 3.5% 
Other AsiaPac 191 197 202 222 236 248 261 275 288 300 312 325 338 352 7.2% 4.7% 
Total Asia Pacific 460 484 504 568 634 673 715 758 796 838 880 923 968 1,013 6.9% 6.0% 
% growth 7.9% 5.3% 4.1% 12.6%11.7% 6.2% 6.2% 6.0% 5.0% 5.3% 5.0% 4.9% 4.8% 4.7% 

Total Gas Demand 2,947 3,026 2,950 3,169 3,268 3,348 3,442 3,539 3,634 3,719 3,808 3,891 3,974 4,054 2.8% 2.5% 
% growth 3.7% 2.7% -2.5% 7.4% 3.1% 24% 2.8% 2.8% 2.7% 2.3% 2.4% 2.2% 2.1% 2.0% 

Source: BP Statistical Review, Company data, Credit Suisse estimates 
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Figure 128: Global Gas Production (pipeline gas + LNG) 


in billion cubic metres (bcm) 


22 November 2011 


2007 2008 2009 2010 2011E 2012E 2013E 2014E 2015E 2016E 2017E 2018E 2019E 2020E 2000-10 2010-20 
US 546 571 583 611 628 634 657 680 702 710 719 720 719 714 12% 1.6% 
Canada 183 176 164 160 155 153 153 153 156 159 162 165 168 171 -1.3% 0.7% 
Mexico 54 54 55 55 56 57 58 59 60 60 61 62 63 64 3.7% 1.5% 
Total North America 782 801 802 826 839 844 867 891 917 929 942 948 951 949 0.8% 1.4% 
% growth 2.3% 2.5% 0.0% 3.1% 1.6% 0.6% 2.8% 2.8% 2.9% 1.3% 1.5% 0.5% 0.3% -0.2% 
Argentina 45 44 41 40 40 41 42 43 43 43 44 44 46 47 0.7% 1.6% 
Brazil 11 14 12 14 18 21 24 27 29 31 33 35 36 37 6.8% 9.9% 
Trinidad & Tobago 39 39 41 42 42 44 44 45 47 47 48 47 48 48 11.3% 1.3% 
Venezuela 30 30 29 29 33 33 34 37 41 43 42 39 43 45 0.2% 4.7% 
Other Latam 28 30 30 36 42 45 46 46 48 48 47 47 46 46 10.8% 2.6% 
Total S. & Cent. America 152 158 152 161 4176 4184 191 197 207 212 214 212 219 224 49% 3.3% 
% growth 0.9% 3.3% -3.6% 6.2% 8.9% 4.6% 3.9% 3.3% 5.2% 24% 0.7% -0.9% 3.3% 2.3% 
Norway 90 99 104 106 103 108 110 111 113 117 #112 109 109 # 109 7.9% 0.3% 
United Kingdom 72 70 60 57 55 56 61 56 53 48 44 39 34 32 -6.2%  -5.6% 
Netherlands 61 67 63 71 66 64 62 61 59 57 55 53 52 50 2.0% -3.3% 
Other OECD Europe 59 57 53 51 48 46 44 46 46 48 48 48 48 50 -2.9%  -0.4% 
OECD Europe 281 293 279 285 272 274 277 273 272 «#270 «259 249 244 241 0.0% -1.7% 
% growth -4.0% 4.1% -4.7% 2.3% -4.7% 0.7% 1.1% -1.2% -0.7% -0.7% -4.0% -3.7% -2.3% -1.1% 
Russia 592 602 528 589 618 649 682 716 745 774 805 837 871 906 11% 44% 
Ex-FSU 180 192 163 169 185 201 225 247 265 280 295 314 331 343 3.0% 7.4% 
Russia & Ex-FSU 772, 794 691 758 803 851 907 963 1,010 1,055 1,100 1,151 1,202 1,249 15% 5.1% 
% growth 1.7% 2.8% -13% 9.7% 6.0% 5.9% 6.6% 6.2% 4.8% 4.5% 4.3% 46% 44% 3.9% 
Total Europe & Eurasia 1,053 1,086 970 1,043 1,075 1,124 1,183 1,236 1,281 1,324 1,359 1,400 1,446 1,490 11% 3.6% 
% growth 0.1% 3.2% -10% 7.6% 3.1% 4.6% 5.2% 4.5% 3.6% 3.4% 2.7% 3.0% 3.2% 3.1% 
Iran 112 116 131 139 143 147 «+151 156 161 165 170 175 181 186 8.7% 3.0% 
Qatar 63 77 89 117 149 151 157 158 159 160 160 161 162 163 17.3% 3.4% 
Saudi Arabia 74 80 78 84 86 87 89 91 93 96 98 100 102 104 5.4% 2.2% 
Other MidEast 108 111 108 122 126 #129 #4132 «#4+«141 #=+148 #+154 160 166 171 176 5.0% 3.8% 
Total Middle East 358 384 407 461 503 515 530 545 560 575 589 603 616 630 8.3% 3.2% 
% growth 5.5% 7.4% 5.9%13.2% 9.2% 2.3% 2.9% 3.0% 2.6% 2.7% 2.5% 2.4% 2.2% 2.2% 
Algeria 85 86 80 80 83 86 93 103 111 115 117 120 122 125 -0.5% 45% 
Egypt 56 59 63 61 65 65 67 70 72 75 77 80 83 86 11.3% 3.4% 
Nigeria 35 35 25 34 35 37 39 40 41 42 46 55 56 57 10.4% 55% 
Other Africa 28 32 32 34 30 35 38 42 46 48 51 53 56 59 10.5% 5.7% 
Total Africa 203 212 199 209 213 224 238 254 271 280 291 309 318 327 48% 4.6% 
% growth 6.3% 4.1% -5.8% 4.9% 2.1% 5.2% 5.9% 7.1% 6.5% 3.5% 4.0% 5.9% 2.9% 2.9% 
Australia 42 42 48 50 52 58 62 65 84 121 162 184 195 200 4.9% 14.8% 
China incl. HK 69 80 85 97 98 112 125 139 153 161 173 184 197 209 13.5% 8.0% 
India 30 31 39 51 49 49 51 55 63 68 72 75 79 83 6.8% 5.0% 
Indonesia 68 70 72 82 82 83 84 84 85 86 88 91 92 93 2.38% 1.2% 
Malaysia 65 65 64 66 66 66 66 66 66 66 64 62 60 58 3.9%  -1.3% 
Other AsiaPac 129 134 138 147 160 172 181 195 204 204 198 193 187 186 6.7% 2.4% 
Total Asia Pacific 402 421 446 493 509 541 570 604 656 706 758 790 810 829 6.1% 5.3% 
% growth 4.8% 4.6% 6.1%10.5% 3.1% 6.3% 55% 59% 8.7% 7.6% 7.3% 4.3% 2.5% 2.3% 
Total Gas Production 2,951 3,062 2,976 3,193 3,315 3,431 3,579 3,729 3,892 4,026 4,154 4,262 4,360 4,449 2.8% 3.4% 
% growth 2.4% 3.8% -2.8% 7.3% 3.8% 3.5% 4.3% 4.2% 44% 3.5% 3.2% 2.6% 2.3% 2.0% 
Source: BP Statistical Review, Company data, Credit Suisse estimates 
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Figure 129: Global LNG Production 
in billion cubic metres (bcm) 


2007 2008 2009 2010 2011E 2012E 2013E 2014E 2015E 2016E 2017E 2018E 2019E 2020E 


US 1.2 1.0 0.9 1.6 1.6 0.0 0.0 0.0 0.0 4.3 8.6 8.6 8.6 8.6 
Canada 4.6 5.8 5.8 5.8 8.7 
Peru 1.8 4.0 5.2 5.2 5.2 5.2 5.2 5.2 5.2 5.2 5.2 
Trinidad & Tobago 18.2 174 19.7 204 196 196 196 196 196 196 196 196 196 19.6 
Norway 0.1 2.2 3.2 4.7 4.7 4.7 4.8 4.9 4.9 4.9 4.9 4.9 4.9 4.9 
Russia 66 134 134 134 124 118 118 118 118 240 301 30.1 
Oman 12.2 109 115 115 114 114 #114 #114 #114 #114 «#2114 #114 «#2114 ~«0114 
Qatar 38.5 39.7 494 75.7 1026 996 996 996 996 996 996 996 996 99.6 
UAE 7.6 7.5 7.0 7.9 7.5 7.5 7.5 7.5 7.5 7.5 7.5 75 75 7.5 
Yemen 0.4 5.5 7.3 7.3 7.3 i 7.3 7.3 7.3 7.3 7.3 7.3 
Algeria 24.7 21.9 209 193 191 191 225 284 33.2 347 34.7 34.7 34.7 34.7 
Egypt 13.6 141 128 97 116 141 149 149 149 149 149 149 149 149 
Libya 0.8 0.5 0.7 0.3 0.0 0.4 0.7 0.7 0.7 0.7 0.7 0.7 0.7 0.7 
Nigeria 21.2 205 160 239 242 25.7 25.7 25.7 25.7 25.7 286 37.2 37.2 37.2 
Equatorial Guinea 5.2 4.7 5.2 4.8 4.8 4.8 4.8 4.8 4.8 4.8 4.8 4.8 4.8 
Angola 5.2 6.7 6.7 6.7 6.7 6.7 6.7 6.7 6.7 
Mozambique 5.2 10.3 
Tanzania 9.0 9.0 
Australia 20.2 202 242 254 254 304 325 331 49.7 83.2 122.1 140.3 1484 151.2 
Brunei 9.4 9.2 8.8 8.8 8.8 8.8 8.8 8.8 8.8 8.8 8.8 8.8 8.8 8.8 
Indonesia 27.7 268 260 314 316 320 324 329 33.3 33.7 360 38.7 39.2 39.7 
Malaysia 298 294 295 305 30.7 307 30.7 30.7 30.7 30.7 30.7 30.7 30.7 30.7 
PNG 2.6 8.5 8.5 8.6 8.7 8.8 8.9 
Total LNG Production 225 227 243 297 328 340 347 356 384 428 478 520 549 560 


LNG nameplate capacity 260 272 305 357 378 389 397 401 428 474 525 570 600 611 
LNG utilisation 86% 83% 79% 83% 87% 87% 88% 89% 90% 90% 91% 91% 92% 92% 


LNG as % of total gas 


demand 7.6% 7.5% 8.2% 94% 10.0% 10.2% 10.1% 10.1% 10.6% 11.5% 12.6% 13.4% 13.8% 13.8% 


Source: BP Statistical Review, Company data, Credit Suisse estimates 
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Figure 130: Global Gas Consumption 
in billion cubic feet per day (bct/d) 


22 November 2011 


2007 2008 2009 2010 2011E 2012E 2013E 2014E 2015E 2016E 2017E 2018E 2019E 2020E 2000-10 2010-20 
US 63.3 63.7 62.5 66.1 67.2 67.5 69.7 71.9 74.2 752 76.4 76.7 768 76.5 0.3% 1.5% 
Canada 92 92 91 91 91 92 93 94 94 95 96 96 97 98 0.1% 0.8% 
Mexico 61 64 64 67 68 70 72 74 75 7.7 79 81 83 £85 5.3% 2.5% 
Total North America 78.5 79.4 78.1 81.8 83.2 83.7 86.1 88.6 91.2 92.4 93.8 944 948 948 0.6% 1.5% 
% growth 5.2% 1.1% -1.6% 4.7% 1.6% 0.7% 2.9% 2.8% 2.9% 1.4% 1.5% 0.6% 0.4% -0.1% 
Argentina 42 43 42 42 43 #41 #39 40 42 42 43 #43 44 44 2.7% 0.5% 
Brazil 20 24 #19 26 19 21 22 23 25 26 28 29 30 3.2 10.9% 2.2% 
Other Latin America 67 70 70 75 79 84 87 89 92 96 99 103 106 11.0 3.9% 3.8% 
Total S.& Cent. America 13.0 13.7 13.1 143 142 145 148 152 159 164 17.0 17.55 180 186 44% 2.7% 
% growth -0.6% 4.9% -4.4% 9.3% -0.9% 2.5% 2.0% 3.1% 4.3% 3.1% 3.4% 3.3% 3.0% 2.8% 
France 41 42 41 #45 45 45 45 45 46 46 46 46 46 46 1.8% 0.2% 
Germany 80 79 75 79 7.7 78 79 79 79 79 79 80 80 8.0 0.2% 0.2% 
Italy 75 75 69 74 72 (73 74 (74 74 74 74 75 75 7.5 1.6% 0.2% 
Netherlands 3.6 37 38 42 41 #42 42 42 42 #43 #43 43 43 £4.23 1.1% 0.2% 
Spain 34 37 33 #33 33 #33 33 33 34 34 34 34 #34 34 74% 0.2% 
Turkey 35 36 35 38 40 42 45 48 50 53 56 58 61 64 10.4% 5.5% 
United Kingdom 88 91 84 91 86 85 85 84 83 82 81 80 80 7.9 -0.3% -1.4% 
Other OECD Europe 10.1 102 96 106 106 10.7 109 11.0 111 11.3 114 11.5 11.7 11.8 1.8% 1.1% 
Total OECD Europe 49.0 50.0 47.1 50.7 50.0 506 51.1 51.5 51.9 52.3 52.7 53.1 53.5 53.9 1.7% 0.6% 
% growth 00 00 00 00 00 00 00 00 00 00 00 00 00 0.0 
Russia 40.8 40.2 37.7 40.1 405 40.7 40.0 39.4 38.7 38.3 38.3 383 38.3 38.3 1.6% -0.5% 
Ex-FSU 20.8 20.8 17.8 19.2 19.6 200 205 209 21.4 21.9 224 22.9 23.4 24.0 0.5% 2.2% 
Russia & Ex-FSU 61.6 61.1 55.5 59.3 60.1 60.7 60.5 604 60.0 60.1 606 61.2 61.7 62.3 1.2% 0.5% 
% growth 2.0% -0.9% -9.1% 6.8% 1.4% 1.0% -0.3% -0.3% -0.5% 0.2% 0.8% 0.9% 0.9% 0.9% 
Total Europe & Eurasia 110.6 111.0 102.6 110.0 110.1 111.3 111.7 111.9 112.0 112.4 113.3 114.2 115.2 116.2 1.4% 0.6% 
% growth 1.2% 0.4% -7.6% 7.2% 0.1% 1.0% 0.3% 0.2% 0.1% 0.4% 0.8% 0.8% 0.8% 0.9% 
Iran 10.9 115 12.7 132 136 140 145 149 154 158 163 168 17.3 17.8 8.1% 3.0% 
Saudi Arabia 72 #78 %76 81 83 84 86 88 90 93 95 97 99 10.1 5A% 2.2% 
United Arab Emirates 48 58 57 59 61 65 68 71 75 78 81 84 87 91 6.8% 45% 
Other MidEast 64 70 73 81 85 89 93 9.7 103 10.7 11.1 116 12.1 12.7 7.00% 45% 
Total Middle East 29.3 32.1 33.3 35.4 36.6 37.9 39.2 40.5 42.1 43.7 45.0 46.5 48.0 49.6 6.9% 3.5% 
% growth 4.0% 9.5% 3.7% 6.2% 3.5% 3.5% 3.5% 3.5% 3.7% 3.8% 3.1% 3.3% 3.3% 3.3% 
Algeria 23 25 26 28 30 31 33 35 37 38 39 39 40 41 3.8% 3.9% 
Egypt 3.7 39 41 44 46 49 52 55 58 59 60 61 63 64 8.5% 3.9% 
Other Africa 31 33 28 30 32 34 35 38 40 40 41 42 43 44 5.2% 3.9% 
Total Africa 91 9.7 96 10.2 10.7 11.4 12.0 12.7 13.4 13.7 140 143 146 14.9 6.0% 3.9% 
% growth 7.1% 6.1% -1.3% 6.1% 5.8% 5.8% 5.8% 5.8% 5.8% 2.1% 2.1% 2.1% 2.1% 2.1% 
China incl. HK 71 82 90 109 129 144 160 17.7 18.7 206 225 244 263 28.2 15.2% 10.0% 
India 39 40 49 60 64 69 74 80 89 95 101 106 11.2 11.9 8.9% 7.1% 
Indonesia 30 32 36 39 41 44 47 50 54 57 59 62 65 69 3.1% 5.8% 
Japan 87 91 85 92 115 11.7 11.9 11.9 119 12.0 120 120 12.1 12.1 2.8% 2.8% 
South Korea 3.2 33 33 35 36 37 39 40 42 43 44 46 47 49 4.0% 3.5% 
Other AsiaPac 18.5 191 195 21.4 228 240 25.2 266 27.8 29.0 30.2 314 32.7 341 7.2% 4.7% 
Total Asia Pacific 44.5 46.8 48.7 549 61.3 65.1 69.1 73.3 77.0 81.1 85.1 89.3 93.6 98.0 6.9% 6.0% 
% growth 7.9% 5.3% 4.1% 12.6% 11.7% 6.2% 6.2% 6.0% 5.0% 5.3% 5.0% 4.9% 4.8% 4.7% 
Total Gas Demand 285.0 292.7 285.3 306.5 316.1 323.8 332.9 342.2 351.5 359.7 368.2 376.3 384.3 392.1 2.8% 2.5% 
% growth 3.7% 2.7% -2.5% 7.4% 3.1% 24% 2.8% 2.8% 2.7% 2.3% 2.4% 2.2% 2.1% 2.0% 
Source: BP Statistical Review, Company data, Credit Suisse estimates 
Global Gas 111 


AN 


CREDIT SUISSE 


Figure 131: Global Gas Production (pipeline gas + LNG) 
in billion cubic feet per day (bcf/d) 


22 November 2011 


2007 2008 2009 2010 2011E 2012E 2013E 2014E 2015E 2016E 2017E 2018E 2019E 2020E 2000-10 2010-20 
US 52.8 55.2 56.4 59.1 60.8 61.3 63.5 65.8 67.9 686 69.6 69.7 69.6 69.0 1.2% 1.6% 
Canada 17.7 17.1 15.8 155 150 148 148 148 151 154 15.7 160 163 16.6 -1.3% 0.7% 
Mexico 52 52 53 #53 54 55 56 57 58 58 59 60 61 62 3.7% 1.5% 
Total North America 75.6 77.5 77.5 79.9 81.2 81.6 83.9 86.2 88.7 89.8 91.1 916 91.9 91.8 0.8% 1.4% 
% growth 2.3% 2.5% 0.0% 3.1% 1.6% 0.6% 2.8% 2.8% 2.9% 1.3% 1.5% 0.5% 0.3% -0.2% 
Argentina 43 43 40 39 39 40 41 #41 #41 #42 #43 43 44 46 0.7% 1.6% 
Brazil 120661243 4122 14 #17 #21 23 26 28 30 32 34 35 3. 6.8% 9.9% 
Trinidad & Tobago 38 38 39 41 #41 #42 42 44 45 46 46 46 46 47 11.3% 1.3% 
Venezuela 29 29 28 28 32 32 #33 #35 40 41 40 38 42 44 0.2% 4.7% 
Other Latam 27 29 29 #35 41 #43 45 44 46 46 46 45 45 45 10.8% 2.6% 
Total S.& Cent. America 14.7 15.2 14.7 156 17.0 17.8 184 19.1 20.0 20.5 20.7 20.5 21.2 21.7 4.9% 3.3% 
% growth 0.9% 3.3% -3.6% 6.2% 8.9% 4.6% 3.9% 3.3% 5.2% 2.4% 0.7% -0.9% 3.3% 2.3% 
Norway 8.7 96 100 10.3 10.0 105 106 10.7 109 11.3 109 106 106 10.6 7.9% 0.3% 
United Kingdom 70 #67 #58 55 53 54 59 54 51 46 42 38 33 3.1 -6.2% -5.6% 
Netherlands 59 64 61 68 63 61 60 59 57 55 53 51 50 49 2.0% -3.3% 
Other OECD Europe 5.7 55 51 50 47 44 43 44 45 46 46 46 47 48 -2.9%  -0.4% 
OECD Europe 27.2 28.3 27.0 27.6 26.3 26.5 26.8 26.4 26.3 26.1 25.0 241 23.6 23.3 0.0% -1.7% 
% growth -4.0% 4.1% -4.7% 2.3% -4.7% 0.7% 1.1% -1.2% -0.7% -0.7% -4.0% -3.7% -2.3% -1.1% 
Russia 57.3 58.2 51.0 57.0 59.8 62.8 65.9 69.2 72.0 749 77.9 81.0 842 87.6 1.1% 44% 
Ex-FSU 17.4 185 158 163 17.9 195 21.7 23.9 256 27.1 285 30.3 32.0 33.2 3.0% 7.4% 
Russia & Ex-FSU 74.66 76.7 66.8 73.3 77.7 82.3 87.7 93.1 97.6 102.0 106.4 111.3 116.3 120.8 1.5% 5.1% 
% growth 1.7% 2.8% -13% 9.7% 6.0% 5.9% 6.6% 6.2% 4.8% 4.5% 4.3% 4.6% 4.4% 3.9% 
Total Europe & Eurasia 101.9 105.1 93.8 100.9 104.0 108.7 114.4 119.6 123.9 128.1 131.5 135.4 139.8 144.1 1.1% 3.6% 
% growth 0.1% 3.2% -10% 7.6% 3.1% 4.6% 5.2% 4.5% 3.6% 3.4% 2.7% 3.0% 3.2% 3.1% 
Iran 10.8 11.2 12.7 134 13.8 142 146 151 155 160 165 17.0 17.5 18.0 8.7% 3.0% 
Qatar 6.1 74 86 11.3 144 146 15.2 153 153 154 155 156 15.7 15.8 17.3% 3.4% 
Saudi Arabia 7.2 (78 (76 81 #83 84 86 88 90 93 95 97 99 10.1 5.4% 2.2% 
Other MidEast 10.5 10.7 10.5 11.8 12.2 125 128 136 143 149 155 161 165 17.0 5.0% 3.8% 
Total Middle East 34.6 37.2 39.4 44.6 48.7 49.8 51.2 52.7 54.1 55.6 57.0 58.3 59.6 60.9 8.3% 3.2% 
% growth 5.5% 7.4% 5.9% 13.2% 9.2% 2.3% 2.9% 3.0% 2.6% 2.7% 2.5% 24% 2.2% 2.2% 
Algeria 82 83 77 78 81 84 90 99 108 11.1 114 116 118 12.1 -0.5% 4.5% 
Egypt 54 57 61 #59 63 63 65 68 70 72 75 78 80 83 11.3% 3.4% 
Nigeria 34 34 24 33 34 36 37 39 40 41 44 54 54 55 10.4% 5.5% 
Other Africa 27 3.1 #31 #33 29 34 37 #41 #44 47 #49 51 #54 5.7 10.5% 5.7% 
Total Africa 19.6 20.5 19.3 20.2 20.6 21.7 23.0 246 26.2 27.1 28.2 29.8 30.7 31.6 48% 4.6% 
% growth 6.3% 4.1% -5.8% 4.9% 2.1% 5.2% 5.9% 7.1% 6.5% 3.5% 4.0% 5.9% 2.9% 2.9% 
Australia 40 40 46 49 50 57 60 63 81 11.7 15.7 178 189 19.3 4.9% 14.8% 
China incl. HK 6.7 78 82 94 95 10.8 12.1 134 148 156 16.7 17.8 19.0 20.2 13.5% 8.0% 
India 29 30 38 49 48 48 50 53 61 66 69 73 7.7 81 6.8% 5.0% 
Indonesia 65 67 70 79 80 80 81 82 82 83 85 88 89 9.0 2.3% 1.2% 
Malaysia 62 63 62 64 64 64 64 64 64 64 62 60 58 5.46 3.9%  -1.3% 
Other AsiaPac 125 130 13.3 142 155 166 176 188 19.8 19.7 19.2 186 181 18.0 6.7% 24% 
Total Asia Pacific 38.9 40.7 43.2 47.7 49.2 52.3 55.2 58.4 63.5 68.3 73.3 76.4 78.4 80.2 6.1% 5.3% 
% growth 4.8% 4.6% 6.1% 10.5% 3.1% 6.3% 5.5% 5.9% 8.7% 7.6% 7.3% 4.3% 2.5% 2.3% 
Total Gas Production 285.4 296.1 287.8 308.8 320.6 331.9 346.2 360.6 376.4 389.4 401.7 412.2 421.6 430.3 2.8% 3.4% 
% growth 24% 3.8% -2.8% 7.3% 3.8% 3.5% 4.3% 4.2% 44% 3.5% 3.2% 2.6% 2.3% 2.0% 


Source: BP Statistical Review, Company data, Credit Suisse estimates 
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Figure 132: Global LNG Production 
in billion cubic feet per day (bcf/d) 
2007 2008 2009 2010 2011E 2012E 2013E 2014E 2015E 2016E 2017E 2018E 2019E 2020E 


US 0.1 0.1 0.1 0.2 0.2 0.0 0.0 0.0 0.0 0.4 0.8 0.8 0.8 0.8 
Canada 0.4 0.6 0.6 0.6 0.8 
Peru 0.2 0.4 0.5 0.5 0.5 0.5 0.5 0.5 0.5 0.5 0.5 
Trinidad & Tobago 1.8 Lf 1.9 2.0 1.9 1.9 1.9 1.9 1.9 1.9 1.9 1.9 1.9 1.9 
Norway 0.0 0.2 0.3 0.5 0.5 0.5 0.5 0.5 0.5 0.5 0.5 0.5 0.5 0.5 
Russia 0.6 1.3 1.3 13 1.2 1.1 1.1 1.1 14 2.3 2.9 2.9 
Oman 1.2 1.1 1.1 1.1 1.1 sal 1.1 1.1 1.1 1.1 1.1 4.1 1.1 1.1 
Qatar 3.7 3.8 4.8 7.3 9.9 9.6 9.6 9.6 9.6 9.6 9.6 9.6 9.6 9.6 
UAE 0.7 0.7 0.7 0.8 0.7 0.7 0.7 0.7 0.7 0.7 0.7 0.7 0.7 0.7 
Yemen 0.5 0.7 0.7 0.7 0.7 0.7 0.7 0.7 0.7 0.7 0.7 
Algeria 2.4 2.1 2.0 1.9 1.9 1.9 2.2 2.8 3.2 3.4 3.4 3.4 3.4 3.4 
Egypt 1.3 1.4 1.2 0.9 1.1 14 1.4 1.4 1.4 1.4 1.4 1.4 1.4 1.4 
Libya 0.1 0.1 0.1 0.0 0.0 0.0 0.1 0.1 0.1 0.1 0.1 0.1 0.1 0.1 
Nigeria 2.0 2.0 1.5 2.3 2.3 2.5 2.5 2.5 2.5 2.5 2.8 3.6 3.6 3.6 
Equatorial Guinea 0.5 0.5 0.5 0.5 0.5 0.5 0.5 0.5 0.5 0.5 0.5 0.5 0.5 
Angola 0.5 0.6 0.6 0.6 0.6 0.6 0.6 0.6 0.6 
Mozambique 0.5 1.0 
Tanzania 0.9 0.9 
Australia 2.0 2.0 2.3 2.5 2.5 2.9 3.1 3.2 4.8 80 118 136 144 146 
Brunei 0.9 0.9 0.9 0.9 0.9 0.9 0.9 0.9 0.9 0.9 0.9 0.9 0.9 0.9 
Indonesia 2.7 2.6 2.5 3.0 3.1 3.0 3.1 3.2 3.2 3.3 3.5 3.7 3.8 3.8 
Malaysia 2.9 2.8 2.9 3.0 3.0 3.0 3.0 3.0 3.0 3.0 3.0 3.0 3.0 3.0 
PNG 0.2 0.8 0.8 0.8 0.8 0.9 0.9 
Total LNG Production 21.8 21.9 235 28.7 318 329 336 345 37.2 414 462 503 53.1 542 


LNG nameplate capacity 25.2 263 295 345 366 376 384 388 414 45.8 508 55.1 58.0 59.1 
LNG utilisation 86% 83% 79% 83% 87% 87% 88% 89% 90% 90% 91% 91% 92% 92% 


LNG as % of total gas 


demand 7.6% 7.5% 8.2% 94% 10.0% 10.2% 10.1% 10.1% 10.6% 11.5% 12.6% 13.4% 13.8% 13.8% 


Source: BP Statistical Review, Company data, Credit Suisse estimates 
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Companies Mentioned (Price as of 16 Nov 11) 

Aban Offshore Ltd (ABAN.BO, Rs403.90, OUTPERFORM [V], TP Rs856.00) 
Afren Plc (AFRE.L, 96 p, NEUTRAL [V], TP 114.00 p) 

AMEC (AMEC.L, 925 p, OUTPERFORM, TP 1,180.00 p) 

ARC Resources Ltd. (ARX.TO, C$24.87, NEUTRAL, TP C$26.00) 

Atwood Oceanics, Inc. (ATW, $44.30, NEUTRAL, TP $47.00) 

Aurora Oil & Gas (AUT.AX, A$3.28, OUTPERFORM [V], TP A$3.60) 

AWE Limited (AWE.AX, A$1.40, NEUTRAL, TP A$1.50) 

Baker Hughes Inc. (BHI, $57.83, OUTPERFORM, TP $80.00) 

Bashneft (BANE.RTS, $50.50, OUTPERFORM, TP $81.00) 

Baytex Energy Corp. (BTE.TO, C$53.45, NEUTRAL, TP C$50.00) 

Berry Petroleum Co. (BRY, $42.29, NEUTRAL, TP $42.00) 

BG Group plc (BG.L, 1364 p, OUTPERFORM, TP 1,770.00 p) 

Bharat Petroleum (BPCL.BO, Rs515.70, UNDERPERFORM, TP Rs582.00) 
BP (BP.N, $43.51, OUTPERFORM, TP $56.50) 

BP (BP.L, 464 p, OUTPERFORM, TP 590.00 p) 

Cairn Energy (CNE.L, 295 p, NEUTRAL, TP 357.00 p) 

Cal Dive International, Inc. (DVR, $2.40, NEUTRAL [V], TP $5.00) 

Caltex Australia (CTX.AX, A$13.38, NEUTRAL, TP A$14.70) 

Cameron International Corp. (CAM, $51.24, OUTPERFORM, TP $71.00) 
Canadian Natural Resources Limited (CNQ.TO, C$38.69, OUTPERFORM, TP C$51.00) 
Canadian Oil Sands Limited (COS.TO, C$21.16, NEUTRAL, TP C$30.00) 
Carrizo Oil & Gas Inc. (CRZO, $28.09, NEUTRAL [V], TP $30.00) 

Cenovus Energy Inc. (CVE.TO, C$33.94, NEUTRAL, TP C$42.00) 
Centrica (CNA.L, 295 p, OUTPERFORM, TP 370.00 p) 

CEZ (CEZP.PR, Kc758.50, UNDERPERFOR\M, TP Kc778.00) 

CGGVeritas (GEPH.PA, Eu17.15, NEUTRAL [V], TP Eu30.00) 

Chevron Corp. (CVX, $101.05, OUTPERFORM, TP $130.00) 

Chicago Bridge & Iron (CBI, $38.96, OUTPERFORM, TP $44.00) 

China Oilfield Services Ltd (2883.HK, HK$11.96, OUTPERFORM, TP HK$16.80) 
China Petroleum & Chemical Corporation - H (0386.HK, HK$8.07, NEUTRAL, TP HK$8.40) 
CNOOC Ltd (0883.HK, HK$15.30, OUTPERFORM, TP HK$15.95) 
Comstock Resources, Inc. (CRK, $17.56, OUTPERFORM [V], TP $26.00) 
Connacher Oil & Gas (CLL.TO, C$0.43, OUTPERFORM [V], TP C$1.25) 
Crescent Point Energy Corp. (CPG.TO, C$42.34, NEUTRAL, TP C$43.00) 
CVR Energy, Inc (CVI, $18.38, OUTPERFORM, TP $30.00) 

Delek US Holdings, Inc. (DK, $13.68, NEUTRAL [V], TP $15.00) 

Diamond Offshore (DO, $64.10, UNDERPERFORM, TP $67.00) 

DNO ASA (DNO.OL, NkKr8.63, OUTPERFORM [V], TP NKr9.40) 

Drax (DRX.L, 582 p, UNDERPERFOR\M, TP 350.00 p) 

E.ON (EONGn.DE, Eu17.26, NEUTRAL, TP Eu18.50) 

Electricite de France (EDF.PA, Eu19.83, OUTPERFORM, TP Eu31.50) 
EnCana Corp. (ECA, $19.21, OUTPERFORM, TP $29.00) 

ENEA (ENAE.WA, PLN19.20, OUTPERFORM, TP PLN22.50) 

Enel (ENEI.MI, Eu3.18, OUTPERFORM, TP Eu5.00) 

Enel Green Power (EGPW.MI, Eu1.65, NEUTRAL, TP Eu1.90) 

Energy XXI (EXXI, $31.05, OUTPERFORM [V], TP $40.00) 

ENI (E.N, $42.32, NEUTRAL, TP $54.50) 

ENI (ENI.MI, Eu15.90, NEUTRAL, TP Eu19.00) 

Ensco Plc. (ESV, $51.83, OUTPERFORM, TP $71.00) 

Essar Energy Plc (ESSR.L, 259 p, OUTPERFORM, TP 435.00 p) 

Eurasia Drilling Co (EDCLq.L, $23.78, OUTPERFORM, TP $32.52) 
ExxonMobil Corporation (XOM, $78.25, NEUTRAL, TP $95.00) 

Fluor (FLR, $54.90, OUTPERFORM, TP $73.00) 

FMC Technologies, Inc. (FTI, $49.54, NEUTRAL, TP $45.00) 

Forest Oil (FST, $15.66, OUTPERFORM [V], TP $21.00) 

Formosa Petrochemical (6505.TW, NT$97.50, UNDERPERFOR\M, TP NT$75.80) 
Galp Energia SGPS (GALP.LS, Eu12.81, OUTPERFORM, TP Eu15.70) 
Gamesa (GAM.MC, Eu3.35, NEUTRAL [V], TP Eu4.60) 

Gazprom (GAZP.RTS, $6.08, UNDERPERFORM, TP $5.30) 

Gazprom Neft (SIBN.RTS, $4.25, NEUTRAL, TP $5.71) 

Global Geophysical Services, Inc. (GGS, $7.85, OUTPERFORM [VJ], TP $20.00) 
Global Industries, Ltd. (GLBL, $7.98, NEUTRAL [V], TP $5.50) 
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GMX Resources Inc. (GMXR, $1.68, NEUTRAL [V], TP $2.00) 

Halliburton (HAL, $39.00, OUTPERFORM, TP $59.00) 

Helmerich & Payne, Inc. (HP, $55.32, NEUTRAL, TP $69.00) 

Hercules Offshore (HERO, $3.99, OUTPERFORM [V], TP $6.50) 

Hess Corporation (HES, $62.53, OUTPERFORM, TP $115.00) 

Hindustan Petroleum (HPCL.BO, Rs287.10, UNDERPERFORM, TP Rs303.00) 
HollyFrontier Corp (HFC, $24.82, OUTPERFORM [V], TP $40.00) 

HRT Participacoes S.A. (HRTP3, R$647.89, OUTPERFORM, TP R$1,600.00) 
Husky Energy Inc. (HSE.TO, C$25.07, NEUTRAL, TP C$31.00) 

Idemitsu Kosan (5019, ¥7,770, OUTPERFORM, TP ¥10,000, MARKET WEIGHT) 
Imperial Oil Ltd (IMO.TO, C$42.45, NEUTRAL, TP C$51.00) 

Indian Oil Corp Limited (IOC.BO, Rs268.75, NEUTRAL, TP Rs361.00) 

INPEX Corporation (1605, ¥486,500, OUTPERFORM, TP ¥580,000, MARKET WEIGHT) 
International Power (IPR.L, 335 p, UNDERPERFORM, TP 300.00 p) 

Jacobs Engineering (JEC, $41.23, OUTPERFORM, TP $48.00) 

JX Holdings (5020, ¥490, OUTPERFORM, TP ¥640, MARKET WEIGHT) 
Karoon Gas (KAR.AX, A$5.00, OUTPERFORM [V], TP A$7.65) 

KazMunaiGas EP (KMGgq.L, $16.40, NEUTRAL, TP $30.75) 

KBR Inc. (KBR, $28.79, OUTPERFORM, TP $35.00) 

LUKOIL (LKOH.RTS, $56.80, NEUTRAL, TP $63.80) 

Lundin Petroleum (LUPE.ST, SKr176.90, NEUTRAL, TP SkKr187.00) 

Marathon Oil Corp (MRO, $27.63, NEUTRAL, TP $36.00) 

Marathon Petroleum Corporation (MPC, $32.64, OUTPERFORM, TP $63.00) 
MEG Energy Corp. (MEG.TO, C$44.64, OUTPERFORM, TP C$62.00) 

MOL (MOLB.BU, HUF17,300.00, OUTPERFORM, TP HUF22,100.00) 

Molopo Energy (MPO.AX, A$0.70, OUTPERFORM [V], TP A$0.85) 

Nabors Industries, Ltd. (NBR, $19.96, OUTPERFORM [V], TP $30.00) 
National Grid (NG.L, 627 p, OUTPERFORM, TP 675.00 p) 

National Oilwell Varco (NOV, $70.78, OUTPERFORM, TP $87.00) 

Neste (NES1V.HE, Eu8.69, OUTPERFORM, TP Eu11.00) 

Nexen Inc. (NXY.TO, C$16.95, NEUTRAL, TP C$24.00) 

Niko Resources Ltd. (NKO.TO, C$53.00, OUTPERFORM, TP C$70.00) 

Noble Corporation (NE, $36.68, OUTPERFORM, TP $49.00) 

NOVATEK (NVTK.RTS, $13.04, OUTPERFORM, TP $17.10) 

Occidental Petroleum (OXY, $97.60, OUTPERFORM, TP $135.00) 
Oceaneering Intl, Inc. (Oll, $45.50, NEUTRAL, TP $48.00) 

Oil & Gas Development Company (OGDC.KA, PRs155.90, OUTPERFORM, TP PRs185.00) 
Oil & Natural Gas Corporation Limited (ONGC.BO, Rs263.30, NEUTRAL, TP Rs337.00) 
Oil Search (OSH.AX, A$6.28, OUTPERFORM, TP A$7.40) 

Oil States International (OIS, $72.81, OUTPERFORM, TP $110.00) 

OMV (OMVV.VI, Eu23.38, UNDERPERFORM, TP Eu26.50) 

Ophir Energy plc (OPHR.L, 262 p, OUTPERFORM, TP 510.00 p) 

Origin Energy (ORG.AX, A$14.35, OUTPERFORM, TP A$16.90) 

OSX Brasil S.A. (OSXB3, R$13.00, OUTPERFORM [V], TP R$36.00) 
Patterson-UTI Energy, Inc. (PTEN, $22.92, OUTPERFORM, TP $33.00) 

Penn Virginia Corp (PVA, $5.80, NEUTRAL [V], TP $9.00) 

Penn West Exploration (PWT.TO, C$18.34, OUTPERFORM, TP C$26.00) 
Pennon Group (PNN.L, 715 p, OUTPERFORM, TP 800.00 p) 

PetroBakken Energy Ltd. (PBN.TO, C$9.41, OUTPERFORM, TP C$17.00) 
Petrobras (PBR, $27.17, NEUTRAL, TP $34.00) 

PetroChina - H (0857.HK, HK$10.26, NEUTRAL, TP HK$10.50) 

Petrofac (PFC.L, 1422 p, OUTPERFORM, TP 1,500.00 p) 

Petroleum Geo Services (PGS.OL, NKr65.55, UNDERPERFORM, TP Nkr84.00) 
Petronas Dagangan Bhd (PETR.KL, RM16.20) 

Petroplus (PPHN.S, SFr4.59, NEUTRAL [V], TP SFr6.00) 

PGE (PGEP.WA, PLN19.58, UNDERPERFORM, TP PLN22.80) 

PKN Orlen (PKNA.WA, PLN39.25, OUTPERFORM, TP PLN59.00) 

Polarcus (PLCS.OL, NKr3.31, OUTPERFORM [V], TP NkKr14.00) 

Precision Drilling Corporation (PDS, $12.07, OUTPERFORM [V], TP $16.01) 
Premier Oil (PMO.L, 367 p, OUTPERFORM, TP 490.00 p) 

PTT Exploration & Production (PTTE.BK, Bt165.00, UNDERPERFOR\M, TP Bt163.00) 
PTT Public Company Limited (PTT.BK, Bt308.00, NEUTRAL, TP Bt362.00) 
Range Resources (RRC, $70.33, OUTPERFORM, TP $81.00) 

Reliance Industries (RELI.BO, Rs848.95, OUTPERFORM, TP Rs1,022.00) 
Repsol YPF SA (REP.MC, Eu21.87, OUTPERFORM, TP Eu27.80) 
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Rex Energy Corp. (REXX, $16.55, NEUTRAL [V], TP $15.00) 

Rosetta Resources Inc. (ROSE, $49.72, OUTPERFORM [V], TP $67.00) 
Rosneft (ROSN.RTS, $7.05, UNDERPERFORM, TP $6.80) 

Rowan Companies (RDC, $34.97, NEUTRAL, TP $42.00) 

Royal Dutch Shell PLC (ADR) (RDSa.N, $69.61, OUTPERFORM, TP $90.00) 
RWE (RWEG.F, Eu28.97, NEUTRAL, TP Eu31.00) 

Saipem (SPMI.MI, Eu32.63, UNDERPERFORM, TP Eu38.00) 

Santos (STO.AX, A$13.11, NEUTRAL, TP A$14.65) 

Saras (SRS.MI, Eu1.01, UNDERPERFORM, TP Eu1.20) 

Sasol Limited (SOLJ.J, R385.01, OUTPERFORM, TP R457) 

SBM Offshore (SBMO.AS, Eu15.61, OUTPERFORM, TP Eu21.00) 
Schlumberger (SLB, $74.77, OUTPERFORM, TP $99.00) 

Seadrill (SDRL, NKr200.00, NEUTRAL, TP NkKr178.00) 

Severn Trent (SVT.L, 1589 p, NEUTRAL, TP 1,550.00 p) 

Showa Shell Sekiyu (5002, ¥496, OUTPERFORM, TP ¥660, MARKET WEIGHT) 
SK Innovation (096770.KS, W172,000, OUTPERFORM [VJ], TP W275,000) 
SOCO International (SIA.L, 309 p, NEUTRAL, TP 307.00 p) 

S-Oil Corp (010950.KS, W114,000, OUTPERFORM, TP W170,000) 
SSE (SSE.L, 1303 p, OUTPERFORM, TP 1,400.00 p) 

Suez Environnement (SEVI.PA, Eu9.91, OUTPERFORM, TP Eu17.50) 
Suncor Energy (SU.TO, C$32.75, OUTPERFORM, TP C$50.00) 
Surgutneftegaz (SNGS.RTS, $0.68, UNDERPERFORM, TP $0.92) 

Swift Energy Co. (SFY, $29.17, OUTPERFORM, TP $45.00) 

Talisman Energy Inc. (TLM, $13.74, OUTPERFORM, TP $24.00) 

Tap Oil (TAP.AX, A$0.70, OUTPERFORM [V], TP A$0.95) 

Tauron (TPE.WA, PLN5.38, OUTPERFORM, TP PLN8.20) 

Technip (TECF.PA, Eu67.67, NEUTRAL, TP Eu69.00) 

Tenaris (TENR.MI, Eu13.20, NEUTRAL, TP Eu16.00) 

Tesoro Corp. (TSO, $24.22, OUTPERFORM [VJ], TP $34.00) 
TGS-NOPEC Geophysical (TGS.OL, NKr134.00, OUTPERFORM, TP Nkr170.00) 
Thai Oil (TOP.BK, Bt62.00, OUTPERFORM, TP Bt70.00) 

Tidewater (TDW, $49.30, OUTPERFORM, TP $56.00) 

Total (TOT.N, $50.37, NEUTRAL, TP $65.00) 

Total (TOTF.PA, Eu37.71, NEUTRAL, TP Eu46.00) 

Transocean Inc. (RIG, $49.53, NEUTRAL [V], TP $60.00) 

Tullow Oil (TLW.L, 1378 p, OUTPERFORM, TP 1,776.00 p) 

Tupras (TUPRS.IS, TRY40.20, OUTPERFORM, TP TRY52.40) 

United Utilities (UU.L, 632 p, NEUTRAL, TP 660.00 p) 

Valero Energy Corporation (VLO, $22.56, OUTPERFORM, TP $40.00) 
Vallourec (VLLP.PA, Eu46.82, OUTPERFORM, TP Eu60.00) 

Venoco, Inc. (VQ, $9.07, NEUTRAL [V], TP $12.00) 

Veolia Environnement (VIE.PA, Eu8.73, NEUTRAL, TP Eu11.00) 
Vestas (VWS.CO, DKr77.25, UNDERPERFORM [V], TP DKr95.00) 
Weatherford International, Inc. (WFT, $16.03, NEUTRAL [V], TP $22.00) 
Weir Group (WEIR.L, 1911 p, OUTPERFORM, TP 2,050.00 p) 

Western Refining Inc. (WNR, $13.42, NEUTRAL [V], TP $20.50) 

Whiting Petroleum Corp. (WLL, $50.39, OUTPERFORM, TP $65.00) 
Woodside Petroleum (WPL.AX, A$35.50, OUTPERFORM, TP A$46.00) 
WorleyParsons (WOR.AX, A$26.59, NEUTRAL, TP A$29.00) 

YPF Sociedad Anonima (YPF, $36.65, OUTPERFORM [VJ], TP $50.00) 
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Disclosure Appendix 


Important Global Disclosures 


The analysts identified in this report each certify, with respect to the companies or securities that the individual analyzes, that (1) the views 
expressed in this report accurately reflect his or her personal views about all of the subject companies and securities and (2) no part of his or her 
compensation was, is or will be directly or indirectly related to the specific recommendations or views expressed in this report. 

The analyst(s) responsible for preparing this research report received compensation that is based upon various factors including Credit Suisse's total 
revenues, a portion of which are generated by Credit Suisse's investment banking activities. 


Analysts’ stock ratings are defined as follows: 

Outperform (0): The stock's total return is expected to outperform the relevant benchmark* by at least 10-15% (or more, depending on perceived 
risk) over the next 12 months. 

Neutral (N): The stock's total return is expected to be in line with the relevant benchmark* (range of + 10-15%) over the next 12 months. 
Underperform (U): The stock’s total return is expected to underperform the relevant benchmark* by 10-15% or more over the next 12 months. 
*Relevant benchmark by region: As of 29" May 2009, Australia, New Zealand, U.S. and Canadian ratings are based on (1) a stock’s absolute total 
return potential to its current share price and (2) the relative attractiveness of a stock’s total return potential within an analyst's coverage universe**, 
with Outperforms representing the most attractive, Neutrals the less attractive, and Underperforms the least attractive investment opportunities. 
Some U.S. and Canadian ratings may fall outside the absolute total return ranges defined above, depending on market conditions and industry 
factors. For Latin American, Japanese, and non-Japan Asia stocks, ratings are based on a stock’s total return relative to the average total return of 
the relevant country or regional benchmark; for European stocks, ratings are based on a stock’s total return relative to the analyst's coverage 
universe™., For Australian and New Zealand stocks, 12-month rolling yield is incorporated in the absolute total return calculation and a 15% and a 
7.5% threshold replace the 10-15% level in the Outperform and Underperform stock rating definitions, respectively. The 15% and 7.5% thresholds 
replace the +10-15% and -10-15% levels in the Neutral stock rating definition, respectively. 

**An analyst's coverage universe consists of all companies covered by the analyst within the relevant sector. 

Restricted (R): In certain circumstances, Credit Suisse policy and/or applicable law and regulations preclude certain types of communications, 
including an investment recommendation, during the course of Credit Suisse's engagement in an investment banking transaction and in certain other 
circumstances. 


Volatility Indicator [V]: A stock is defined as volatile if the stock price has moved up or down by 20% or more in a month in at least 8 of the past 24 
months or the analyst expects significant volatility going forward. 


Analysts’ coverage universe weightings are distinct from analysts’ stock ratings and are based on the expected 
performance of an analyst’s coverage universe* versus the relevant broad market benchmark**: 

Overweight: Industry expected to outperform the relevant broad market benchmark over the next 12 months. 

Market Weight: Industry expected to perform in-line with the relevant broad market benchmark over the next 12 months. 

Underweight: Industry expected to underperform the relevant broad market benchmark over the next 12 months. 

*An analyst's coverage universe consists of all companies covered by the analyst within the relevant sector. 

**The broad market benchmark is based on the expected return of the local market index (e.g., the S&P 500 in the U.S.) over the next 12 months. 


Credit Suisse’s distribution of stock ratings (and banking clients) is: 
Global Ratings Distribution 


Outperform/Buy* 48% (62% banking clients) 
Neutral/Hold* 40% (56% banking clients) 
Underperform/Sell* 10% (54% banking clients) 
Restricted 2% 


*For purposes of the NYSE and NASD ratings distribution disclosure requirements, our stock ratings of Outperform, Neutral, and Underperform most closely correspond to Buy, 
Hold, and Sell, respectively; however, the meanings are not the same, as our stock ratings are determined on a relative basis. (Please refer to definitions above.) An investor's 
decision to buy or sell a security should be based on investment objectives, current holdings, and other individual factors. 


Credit Suisse’s policy is to update research reports as it deems appropriate, based on developments with the subject company, the sector or the 
market that may have a material impact on the research views or opinions stated herein. 


Credit Suisse's policy is only to publish investment research that is impartial, independent, clear, fair and not misleading. For more detail please refer to Credit 
Suisse's Policies for Managing Conflicts of Interest in connection with Investment Research: 
http:/Awww.csfb.com/research-and-analytics/disclaimer/managing_conflicts_disclaimer.html 


Credit Suisse does not provide any tax advice. Any statement herein regarding any US federal tax is not intended or written to be used, and cannot 
be used, by any taxpayer for the purposes of avoiding any penalties. 


Important Regional Disclosures 

Singapore recipients should contact a Singapore financial adviser for any matters arising from this research report. 

Restrictions on certain Canadian securities are indicated by the following abbreviations: NVS--Non-Voting shares; RVS--Restricted Voting Shares; 
SVS--Subordinate Voting Shares. 

Individuals receiving this report from a Canadian investment dealer that is not affiliated with Credit Suisse should be advised that this report may not 
contain regulatory disclosures the non-affiliated Canadian investment dealer would be required to make if this were its own report. 

For Credit Suisse Securities (Canada), Inc.'s policies and procedures regarding the dissemination of equity research, please visit 
http:/Awww.csfb.com/legal_terms/canada_research_policy.shtml. 
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Credit Suisse Securities (Europe) Limited acts as broker to DK, KMGq.L, SSE.L, PNN.L. 


The following disclosed European company/ies have estimates that comply with IFRS: BG.L, BP.L, CNE.L, DK, ENI.MIl, XOM, GAZP.RTS, 
SIBN.RTS, KMGg.L, LKOH.RTS, MOLB.BU, NES1V.HE, NVTK.RTS, OMVV.VI, PFC.L, PPHN.S, PKNA.WA, PMO.L, REP.MC, ROSN.RTS, 
SPMI.MI, SBMO.AS, SDRL, SNGS.RTS, TECF.PA, TENR.MI, TOTF.PA, TLW.L, TUPRS.IS, VLLP.PA, WEIR.L, CNA.L, SSE.L, VIE.PA, DRX.L, 
EDF.PA, ENEI.MI, IPR.L, RWEG.F, NG.L, PNN.L, SVT.L, UU.L, EONGn.DE. 


As of the date of this report, Credit Suisse acts as a market maker or liquidity provider in the equities securities that are the subject of this report. 
Principal is not guaranteed in the case of equities because equity prices are variable. 
Commission is the commission rate or the amount agreed with a customer when setting up an account or at anytime after that. 


For Thai listed companies mentioned in this report, the independent 2008 Corporate Governance Report survey results published by the Thai 
Institute of Directors Association are being disclosed pursuant to the policy of the Office of the Securities and Exchange Commission: PTT 
Exploration & Production(Excellent), PTT Public Company Limited(Excellent), Thai Oil(Excellent). 


Taiwanese Disclosures: Reports written by Taiwan-based analysts on non-Taiwan listed companies are not considered recommendations to buy or 
sell securities under Taiwan Stock Exchange Operational Regulations Governing Securities Firms Recommending Trades in Securities to 
Customers. 

To the extent this is a report authored in whole or in part by a non-U.S. analyst and is made available in the U.S., the following are important 
disclosures regarding any non-U.S. analyst contributors: 

The non-U.S. research analysts listed below (if any) are not registered/qualified as research analysts with FINRA. The non-U.S. research analysts 
listed below may not be associated persons of CSSU and therefore may not be subject to the NASD Rule 2711 and NYSE Rule 472 restrictions on 
communications with a subject company, public appearances and trading securities held by a research analyst account. 

¢ Andrey Ovchinnikov, non-U.S. analyst, is a research analyst employed by Credit Suisse Securities (Europe) Limited. 

¢ Kim Fustier, non-U.S. analyst, is a research analyst employed by Credit Suisse Securities (Europe) Limited. 

* David Hewitt, non-U.S. analyst, is a research analyst employed by Credit Suisse AG, Singapore Branch. 

* Sandra McCullagh, non-U.S. analyst, is a research analyst employed by Credit Suisse Equities (Australia) Limited. 

* Vincent Gilles, non-U.S. analyst, is a research analyst employed by Credit Suisse Securities (Europe) Limited. 


For Credit Suisse disclosure information on other companies mentioned in this report, please visit the website at www.credit- 
suisse.com/researchdisclosures or call +1 (877) 291-2683. 
Disclaimers continue on next page. 
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This report is not directed to, or intended for distribution to or use by, any person or entity who is a citizen or resident of or located in any locality, state, country or other jurisdiction 
where such distribution, publication, availability or use would be contrary to law or regulation or which would subject Credit Suisse AG, the Swiss bank, or its subsidiaries or its affiliates 
(‘CS’) to any registration or licensing requirement within such jurisdiction. All material presented in this report, unless specifically indicated otherwise, is under copyright to CS. None of 
the material, nor its content, nor any copy of it, may be altered in any way, transmitted to, copied or distributed to any other party, without the prior express written permission of CS. All 
trademarks, service marks and logos used in this report are trademarks or service marks or registered trademarks or service marks of CS or its affiliates. 

The information, tools and material presented in this report are provided to you for information purposes only and are not to be used or considered as an offer or the solicitation of an 
Offer to sell or to buy or subscribe for securities or other financial instruments. CS may not have taken any steps to ensure that the securities referred to in this report are suitable for 
any particular investor. CS will not treat recipients as its customers by virtue of their receiving the report. The investments or services contained or referred to in this report may not be 
suitable for you and it is recommended that you consult an independent investment advisor if you are in doubt about such investments or investment services. Nothing in this report 
constitutes investment, legal, accounting or tax advice or a representation that any investment or strategy is suitable or appropriate to your individual circumstances or otherwise 
constitutes a personal recommendation to you. CS does not offer advice on the tax consequences of investment and you are advised to contact an independent tax adviser. Please 
note in particular that the bases and levels of taxation may change. 

CS believes the information and opinions in the Disclosure Appendix of this report are accurate and complete. Information and opinions presented in the other sections of the report 
were obtained or derived from sources CS believes are reliable, but CS makes no representations as to their accuracy or completeness. Additional information is available upon 
request. CS accepts no liability for loss arising from the use of the material presented in this report, except that this exclusion of liability does not apply to the extent that liability arises 
under specific statutes or regulations applicable to CS. This report is not to be relied upon in substitution for the exercise of independent judgment. CS may have issued, and may in 
the future issue, a trading call regarding this security. Trading calls are short term trading opportunities based on market events and catalysts, while stock ratings reflect investment 
recommendations based on expected total return over a 12-month period as defined in the disclosure section. Because trading calls and stock ratings reflect different assumptions and 
analytical methods, trading calls may differ directionally from the stock rating. In addition, CS may have issued, and may in the future issue, other reports that are inconsistent with, and 
reach different conclusions from, the information presented in this report. Those reports reflect the different assumptions, views and analytical methods of the analysts who prepared 
them and CS is under no obligation to ensure that such other reports are brought to the attention of any recipient of this report. CS is involved in many businesses that relate to 
companies mentioned in this report. These businesses include specialized trading, risk arbitrage, market making, and other proprietary trading. 

Past performance should not be taken as an indication or guarantee of future performance, and no representation or warranty, express or implied, is made regarding future 
performance. Information, opinions and estimates contained in this report reflect a judgement at its original date of publication by CS and are subject to change without notice. The 
price, value of and income from any of the securities or financial instruments mentioned in this report can fall as well as rise. The value of securities and financial instruments is subject 
to exchange rate fluctuation that may have a positive or adverse effect on the price or income of such securities or financial instruments. Investors in securities such as ADR's, the 
values of which are influenced by currency volatility, effectively assume this risk. 

Structured securities are complex instruments, typically involve a high degree of risk and are intended for sale only to sophisticated investors who are capable of understanding and 
assuming the risks involved. The market value of any structured security may be affected by changes in economic, financial and political factors (including, but not limited to, spot and 
forward interest and exchange rates), time to maturity, market conditions and volatility, and the credit quality of any issuer or reference issuer. Any investor interested in purchasing a 
structured product should conduct their own investigation and analysis of the product and consult with their own professional advisers as to the risks involved in making such a purchase. 
Some investments discussed in this report have a high level of volatility. High volatility investments may experience sudden and large falls in their value causing losses when that 
investment is realised. Those losses may equal your original investment. Indeed, in the case of some investments the potential losses may exceed the amount of initial investment, in 
such circumstances you may be required to pay more money to support those losses. Income yields from investments may fluctuate and, in consequence, initial capital paid to make 
the investment may be used as part of that income yield. Some investments may not be readily realisable and it may be difficult to sell or realise those investments, similarly it may 
prove difficult for you to obtain reliable information about the value, or risks, to which such an investment is exposed. 

This report may provide the addresses of, or contain hyperlinks to, websites. Except to the extent to which the report refers to website material of CS, CS has not reviewed the linked 
site and takes no responsibility for the content contained therein. Such address or hyperlink (including addresses or hyperlinks to CS’s own website material) is provided solely for your 
convenience and information and the content of the linked site does not in any way form part of this document. Accessing such website or following such link through this report or 
CS's website shall be at your own risk. 

This report is issued and distributed in Europe (except Switzerland) by Credit Suisse Securities (Europe) Limited, One Cabot Square, London E14 4QJ, England, which is regulated in 
the United Kingdom by The Financial Services Authority (“FSA”). This report is being distributed in Germany by Credit Suisse Securities (Europe) Limited Niederlassung Frankfurt am 
Main regulated by the Bundesanstalt fuer Finanzdienstleistungsaufsicht ("BaFin"). This report is being distributed in the United States by Credit Suisse Securities (USA) LLC ; in 
Switzerland by Credit Suisse AG; in Canada by Credit Suisse Securities (Canada), Inc.; in Brazil by Banco de Investimentos Credit Suisse (Brasil) S.A. or its affiliates; in Mexico by 
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Suisse Securities (Japan) Limited, Financial Instrument Firm, Director-General of Kanto Local Finance Bureau (Kinsho) No. 66, a member of Japan Securities Dealers Association, 
The Financial Futures Association of Japan, Japan Securities Investment Advisers Association, Type II Financial Instruments Firms Association; elsewhere in Asia/Pacific by 
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Head of Research for Credit Suisse Securities (Malaysia) Sdn. Bhd., to whom they should direct any queries on +603 2723 2020. 

In jurisdictions where CS is not already registered or licensed to trade in securities, transactions will only be effected in accordance with applicable securities legislation, which will vary 
from jurisdiction to jurisdiction and may require that the trade be made in accordance with applicable exemptions from registration or licensing requirements. Non-U.S. customers 
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Please note that this report was originally prepared and issued by CS for distribution to their market professional and institutional investor customers. Recipients who are not market 
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any necessary explanation of its contents. This research may relate to investments or services of a person outside of the UK or to other matters which are not regulated by the FSA or 
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